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Abstract: As foams are not thermodynamically stable and might be collapsed, foam stability is
defined by interfacial properties and bulk solution. In this paper, we investigated foam injection and
different salinity brines such as NaCl, CaCl2, KCl, and MgCl2 to measure cumulative oil production.
According to the results of this experiment, it is concluded that sequential low-salinity water injections
with KCl and foam flooding have provided the highest cumulative oil production in sandstone
reservoirs. This issue is related to high wettability changes that had been caused by the KCl. As K+ is
a monovalent cation, KCl has the highest wettability changes compared to other saline brines and
formation water at 1000 ppm, which is due to the higher wettability changes of potassium (K+) over
other saline ions. The interfacial tension for KCl at the lowest value is 1000 ppm and, for MgCl2, has
the highest value in this concentration. Moreover, the formation brine, regarding its high value of
salty components, had provided lower cumulative oil production before and after foam injection
as it had mobilized more in the high permeable zones and, therefore, large volumes of oil would
be trapped in the small permeable zones. This was caused by the low wettability alteration of the
formation brine. Thereby, formation water flowed in large pores and the oil phase remained in small
pores and channels. On the other hand, as foams played a significant role in the mobility control
and sweep efficiency, at 2 pore volume, foam increased the pressure drop dramatically after brine
injection. Consequently, foam injection after KCl brine injection had the maximum oil recovery factor
of 63.14%. MgCl2 and formation brine had 41.21% and 36.51% oil recovery factor.

Keywords: low-salinity water; foam flooding; wettability change; cumulative oil production;
sandstone reservoirs

1. Introduction

Low-salinity water (LSW) flooding is considered as one of the efficient enhanced oil recovery
(EOR) methods which are under establishment in many research institutes; however, the polymer can
help in the improvement of sweep efficiency. LSW was first implemented in the offshore oilfields of
Endicott in Alaska to enhance the original oil in place for about 6–12% [1–6]. After that, it has been
administered in Omar Oilfield in Syria to investigate the wettability alteration, which is caused by
low-salinity and high-salinity water (HSW) flooding. The results of this experimental field evaluation
depicted that LSW flooding has a greater oil recovery factor than HSW flooding. The reason for this
issue is the capability of low-salinity brines to provide more wettability changes and subsequently to
obtain more oil recovery factor [7–12].
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Foam application for the oil recovery enhancement was firstly expressed by McPhee et al. (1988)
to improve the sweep efficiency of gas drives. Due to the higher interactions between foams and
formation, a large percent of foam flooding performances have been carried out in water-wet rocks
where no oil existed [13–16]. Some concepts, which should be of importance in foam-flow behavior,
are the Marangoni effect, gravity drainage, disjoining pressure, entering and spreading, interfacial
tension, diffusion, liquid drainage by gravity, and liquid viscosity [17–21]. The Marangoni effect is
considered as the mass transfer of the fluid phase through the interfacial surfaces of two regions
which are caused by surface tension. In low concentrations of surfactants, surface tension has been
increased, which caused surface contraction instead of low energy maintenance [22–24]. The surface
contraction would cause the inducement of the fluid to flow from low tension areas to high tension
areas, which would provide resistance versus the liquid film. This phenomenon helps to stabilize the
foam and it is also named surface elasticity. As foams are divided within very thin layers, gravity
drainage would cause liquid to drain from the liquid layers. Disjoining pressure is contributed to
the overlapping of the two surface layers regarding the impacts of the total forces [6,25]. Entering is
another issue which is considered as the film ruptures by the oil droplet which should be entered
in the interfacial surfaces between water and gas and then the oil is spread through the interface of
the solution gas that is called spreading. Both of these issues would be considered as the free energy
system to generate the new gas–oil interface (antifoam liquid) and impact the original process of foam
generation [26–28]. Interfacial tension is another critical parameter which is considered as the provided
energy to generate bubbles and if this energy is low, the bubbles will form easier; however, the lower
interfacial tension would not guarantee the foam stability as it needs a specific energy strength to be
more stable. Regarding the non-uniform distribution size of the gas bubbles, large bubbles have lower
pressure than small bubbles which can cause the chemical differences. Therefore, the gas would diffuse
into the liquid phase from smaller to larger bubbles that have caused the coalescence [29–32].

Osei-Bonsu et al. (2015) investigated the considerable influence of different surfactants on foam
stability in the presence and absence of three iso-paraffins. They found that surfactants play a significant
role in foam stability, especially in the absence of oil phase [33]. Soltanian et al. (2019) proposed a
coupling model to consider the geochemical reactions and thermodynamic effect of carbon dioxide–brine
during carbon dioxide injection. They concluded that reservoir characteristics such as porosity and
permeability have affected carbon dioxide transport and fate. Moreover, the chemical and physical
properties of fluvial channels are within the important parameters of the carbon dioxide transport and
fate that should be taken into consideration during carbon capture and storage projects [34]. As salty
brines transport in porous media, Dashtian et al. (2018) proposed a pore network model to predict the
capillary effect, vapor diffusion, and salt transport in the pore scale. They concluded that pore throat
connectivity, clustering and drying patterns, and saturation distribution are utterly dependent on the
distribution of pore sizes [35].

Nell (2015) proposed that oil presence and rock wettability would play a substantial role in the
foam flooding performances. In this, the oil became more destabilized when it came into contact with
a foaming agent. He concluded that one of the efficient ways to overcome this instability is to alter the
reservoir rock wettability [36]. This can be performed by hybrid-enhanced oil recovery techniques,
which have contained sequential chemical flooding and low-water salinity. Hosseinzade Khanamiri et al.
(2016) proposed a hybrid-enhanced oil recovery technique that included a surfactant and LSW injection
in sandstone reservoirs. This method could provide a noticeable wettability alteration and the utilization
of HSW has had the lowest wettability changes [37]. Dang et al. (2020) proposed mechanistic-hybrid
chemical-enhanced oil recovery techniques that were combined with LSW flooding to consider
a multilayer artificial network as an artificially intelligent method to investigate the efficiency of
geochemistry properties. They considered different chemical agents such as surfactant, polymer and
water salinities and their profound impact on the alteration of relative permeability changes. They
concluded that surfactant and low-salinity water injectivity would be an optimum hybrid-enhanced
oil recovery method [38].
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Bakhshian et al. (2020) investigated the combined effects of pore geometry and wettability alteration
for the displacement of two-phase fluid by the utilization of the lattice Boltzmann model at different
contact angles. According to their results, complex interactions of pore morphology and wettability
would be a significant controlling parameter for the displacement efficiency, both in heterogeneous
and homogenous porous media [39]. Feng et al. (2020) considered that the non-confinement influence
contained a shift critical temperature and curvature dependent effect on nanopores. They found that
the non-confinement effect on the nanometer pore sizes (it would be more sensitive especially with a
decrease in pore sizes) had reduced the surface tension [40].

As sandstones have negative surface charges, they tend to adsorb monovalent cations instead
of divalent cations. Therefore, as K+ is a monovalent cation, KCl has the highest wettability changes
compared to other saline brines [41]. After that, Na+ (monovalent cation), Ca2+ and Mg2+ (divalent
cations) were selected as preferable low-saline brines for flooding performances. This issue can be
illustrated by reactivity series. Thereby, K+ is intended more easily with clay surfaces than other
cations. Awolayo et al. (2018) and Jackson et al. (2016) proposed a review study on the interactions
between rock, oil and brines and how various brine contents and ionic strengths can improve sweep
efficiency in sandstone and carbonate reservoirs [41,42].

We aimed to investigate hybrid chemical-enhanced oil recovery techniques (especially foam
flooding) with the utilization of different water salinities that contained NaCl, CaCl2, KCl, and MgCl2 to
measure cumulative oil production, interfacial tension, pressure drop, and select the optimum-enhanced
oil recovery methods in sandstone reservoirs.

2. Materials and Methods

2.1. Materials

The selected core samples were extracted from Pazanan oil field in the southwest of Iran with
4.1 cm of outer diameter and 8.24 cm length. The porosity of the core samples is about 18.5 % and
the average permeability to formation brine is 90 mD. The dynamic viscosity of crude oil is measured
in two different temperatures of 25 ◦C and 85 ◦C. It is 3.594 mPa-s and 1.652 mPa-s, respectively.
Crude oil density is 0.765 g/cm3. Carbon dioxide was used as an immiscible gas with a purity of 99.9%.
Four types of brine were used with a different concentration in this study. KCl and MgCl2, CaCl2,
and NaCl are considered as low-salinity brine and formation brine is considered as high salinity. Brine
properties for each type are expressed in Table 1.

Table 1. Brine properties for each type.

Brine Type TDS (mg/L) pH (25 ◦C) pH (85 ◦C) Density
(25 ◦C) g/cm3

Density
(85 ◦C) g/cm3

KCl 1000–6000 6.6–6.9 6.5–6.8 1–1.0045 0.985–0.99

MgCl2 1000–6000 6.8–7.1 6.65–7 0.95–1 0.98–0.985

CaCl2 1000–6000 6.7–7.1 6.5–7 1.0002–1.003 0.98–0.985

NaCl 1000–6000 6.21–6.68 6.12–6.53 1–1.0025 0.975–0.98

Formation Brine 120,000 7.2 7.05 1.025 0.98

The foaming agent contains sodium alpha-olefin sulfate with active matter of 38% and different
shear rates, e.g., 5 to 500 s −1 . Moreover, the average apparent viscosity is about 345 mPa-s.

2.2. Methods

In this paper, we focused on the measurement of oil recovery factor from a sandstone reservoir
and compared different brine salinities with chemical flooding methods.
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2.2.1. Wettability Measurement

By using the contact angle method, rock wettability was obtained in different brine salinities
to choose an optimum brine salinity that can alter the rock wettability and provide higher recovery
factors. To do this, core slices with the thickness of 3–5 mm were cut, and they were cleaned by
toluene. Then they were dried out for one day in temperature of 105 ◦C. Finally, the core slices were
saturated in temperature of 80 ◦C for three days. The wettability was measured in different brine
salinities in the presence of oil. As sandstone reservoirs have mainly consisted of quartz, petroleum
industries have preferred to use the contact angle method as it is a direct method and considered as an
economic method.

2.2.2. Interfacial Tension and Foam Stability Measurement

Then, we measured interfacial tension and foam stability to select the foam that is more stable in
the presence of oil and can reduce the interfacial tension accordingly to enhance the oil recovery factor.
Finally, core flooding experiments were performed to compare different scenarios and check their
efficiency on the recovery factor. To measure interfacial tension, we used a spinning drop technique
and to measure the foam stability we set aside performances of two different temperatures of 25 ◦C
and 65 ◦C to be observed in the laboratory condition. More details of these two tests are explained in
Davarpanah (2018) paper [6].

2.2.3. Core Flooding Procedure

The components of the core flooding apparatus are shown in Figure 1. The following procedures
were performed sequentially:
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Figure 1. Core flooding apparatus.

(1) Core plug is used to provide the fluid flow through the core at a defined operational temperature
of 60 ◦C and pressure (confining pressure is about 2600 Psi).
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(2) 0.2 cm3/min of formation brine was injected into the system and it was continued until the
pressure drop was stabilized to obtain initial water saturation.

(3) The injection was stopped, and absolute permeability was measured accordingly.
(4) The water flooding procedure was performed with different salinities and formation brine at

0.3 cm3/min flow rate.
(5) Chemical agents and carbon dioxide (with a working pressure of 1720 Psi) at 0.5 cm3/min is

injected into the core samples in the miscible condition. Water cut reached 99% [43].

3. Results and Discussion

3.1. Interfacial Tension

As sandstones have negative surface charges, they tend to adsorb monovalent cations instead
of divalent cations. Therefore, as K+ is a monovalent cation, KCl has the highest wettability changes
compared to other saline brines and formation water at 1000 ppm; this is due to the higher wettability
changes of potassium (K+) over other saline ions. After that, Na+ (monovalent cation), Ca2+ and Mg2+

(divalent cations) were selected as preferable low-saline brines for flooding performances. This issue
can be illustrated by reactivity series. Thereby, K+ is intended more easily with clay surfaces than other
cations. This issue was discussed by Shabib-Asl et al. (2015) [44]. Interfacial tension measurements for
different saline brines and formation brine are plotted in Figure 2. The interfacial brines are measured
for all the brines in 1000 ppm, and the formation brine concentration is 12,000 ppm. According to
Figure 2, the interfacial tension for KCl at the lowest value is 1000 ppm and, for MgCl2, has the highest
value in this concentration.

Processes 2020, 8, x FOR PEER REVIEW 6 of 11 

 

 

Figure 2. Interfacial tension measurement for different brine components. 

3.2. Cumulative oil and water production 

Water production during each scenario is plotted in Figure 3. In the first period of injection, 
water production has increased dramatically and then it has been stabilized. Formation brine has 
provided more volumes of water production over other saline brines. Cumulative oil production is 
plotted in Figure 3 to compare the effect of each brine type with foam injectivity. Due to the higher 
wettability alteration of KCL, cumulative oil production has the maximum value and formation water 
has the lowest oil production. This is caused by the low wettability alteration of formation brine. 
Thereby, formation water flowed in large pores and the oil phase has remained in small pores and 
channels.  
  

0

1

2

3

4

5

6

7

8

NaCl KCl CaCl2 MgCl2 Formation
Brine

In
te

rf
ac

ia
l T

en
si

on
 (m

N
/m

) 

Brines Component

Figure 2. Interfacial tension measurement for different brine components.

3.2. Cumulative Oil and Water Production

Water production during each scenario is plotted in Figure 3. In the first period of injection, water
production has increased dramatically and then it has been stabilized. Formation brine has provided
more volumes of water production over other saline brines. Cumulative oil production is plotted in
Figure 3 to compare the effect of each brine type with foam injectivity. Due to the higher wettability
alteration of KCL, cumulative oil production has the maximum value and formation water has the
lowest oil production. This is caused by the low wettability alteration of formation brine. Thereby,
formation water flowed in large pores and the oil phase has remained in small pores and channels.

Foams have played an important role in enhancing the oil recovery factor due to their efficiency
in the mobility control. As can be seen in Figure 4, after two pore volumes, the foam was injected into
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the core samples. KCl, as an LSW injection, had provided the highest oil production rather than other
scenarios regarding the highest wettability change of KCl. Furthermore, as the salty components are
high in the formation water, the oil production is lower than other LSW scenarios.Processes 2020, 8, x FOR PEER REVIEW 7 of 11 
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3.3. Pressure Drop

In this part of the study, we focused on the pressure drop measurement for different injectivity
scenarios. KCL (monovalent cation), MgCl2 (divalent cation), and formation brine were injected
and at 2 pore volume (PV), foam injection started. As is evident in Figure 4, foams have played a
significant role in the pressure drop increase from 2 PV to 4 PV. The reason for this increase was
related to the higher wettability changes and the foam column being more stable, which caused an
increase in pressure drop at 2 PV. This caused more mobility control and sweep efficiency. It was
about 6 Psi, 5.4 Psi, and 3 Psi for the foam flooding injection after KCL, MgCl2, and formation brine
injection. KCl provided more pressure drop when foams had been injected at 2 PV as it is a monovalent
cation and, hence, it provided more wettability changes in sandstone reservoirs. After that, MgCl2 and
formation water entered the second and third stage of the pressure drop before foam injectivity.

Table 2 illustrates the summary of the results for foam injection after KCL (monovalent cation),
MgCl2 (divalent cation), and formation brine. As is evident, foam injection after KCl brine injection
has the maximum oil recovery factor of 63.14%. MgCl2 and formation brine has a 41.21% and 36.51%
oil recovery factor.

Table 2. Summary of results.

Parameter KCL + Foam MgCl2 + Foam Formation brine + Foam

Initial oil saturation 0.840 0.841 0.832

Initial water saturation 0.160 0.158 0.161

Residual oil saturation 0.58 0.58 0.58

Oil recovery (%) 63.14 41.21 36.51

Original oil in place (%) 77.5 50.34 42.7

4. Conclusions

Chemical flooding has always been considered as one of the efficient techniques in sandstone
reservoirs because of its increased compatibility with reservoir characteristics. In this paper, we tried to
provide a set of LSW injections with different saline brines and foam flooding to measure cumulative
oil production. According to the results of this experiment, it is concluded that sequential LSW
injection with KCl and foam flooding has provided the highest cumulative oil production in sandstone
reservoirs. This issue is related to the high wettability changes that were caused by the KCl. Moreover,
formation brine, regarding its high value of salty components, had provided lower cumulative oil
production before and after foam injection as it had mobilized more in the high permeable zones and,
therefore, large volumes of oil would be trapped in the small permeable zones.
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