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Abstract: Relative permeability is a fundamental parameter affecting reservoir development perfor-
mance analysis. During the development of oil and gas fields, the displacement pressure gradient
changes with time and space. This paper studies the effect of displacement pressure gradient on
relative permeability. The oil–water relative permeability curves of a Bohai Oilfield under different
displacement pressure gradients are obtained through experimental analysis. Based on the experi-
mental data, a correction model of the permeability curve is established by regression of the Willhite
model parameters. The correction model is introduced into the black oil numerical simulation, and
the production performance and remaining oil are compared and analyzed. The results show that the
displacement pressure gradient can have an obvious impact on the relative permeability curve. As
the displacement pressure gradient increases, the two-phase span of the relative permeability curve
increases, the oil displacement efficiency increases, and the water relative permeability increases.
The relative permeability curves under different displacement pressure gradients can be accurately
characterized by the Willhite model. The consideration of the displacement pressure gradient has an
obvious impact on numerical simulation results. The conventional method of using a fixed relative
permeability curve cannot truly reflect the production performance and the remaining oil distribution.
This paper proposes a set of realization methods including obtaining laws from experiments, utilizing
the empirical model to correct, and simulating to characterize reservoir changes.

Keywords: relative permeability; displacement pressure gradient; experiment; correction; numerical
simulation

1. Introduction

Two-phase or multiphase flow in oil and gas reservoirs is a very complex process.
Relative permeability is adopted to characterize the seepage law of each phase at different
saturations, which is a key parameter affecting the prediction of well-production dynamics
and the distribution of the remaining oil and gas [1–4].

The measurement of relative permeability for oil–water two-phase flow encompasses
laboratory core tests, numerical simulation, and field tests. A core test in the lab relies on
actual samples to ascertain the permeability of fluids at diverse saturation levels, while
numerical simulations use computational models to mimic the porous structure of rocks
and fluid movement to estimate permeability. Field tests apply targeted downhole methods
to derive permeability data from oilfields. The method selection is informed by the specific
context, desired precision, and resources at hand. Core tests, which include steady-state and
unsteady-state methods, are essential for assessing reserves and development strategies.
The steady-state method ensures stable results through a constant fluid flow in core samples,
although it is time consuming. In contrast, the unsteady-state method is quicker but requires
intricate data interpretation, often using the JBN method (Johnson–Bossler–Naumann
Method). The JBN method analyzes pressure changes and fluid production through the
Buckley–Leverett equation to calculate core relative permeability [5].
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In the realm of reservoir engineering, the typical presentation of experimental data
detailing the relative permeability of oil and water phases is through segmented tables.
However, this format does not meet the industry’s need for a more continuous stream of
data that delineates the relationship between interfacial permeability and water saturation,
which is more pragmatically expressed through mathematical formulations. This gap has
prompted researchers globally to engage in extensive regression analyses, leveraging the
robust datasets of oil–water relative permeability. These endeavors have culminated in a
plethora of mathematical models that articulate the dynamic oil–water flow process [6–8].
Significantly, these models encapsulate the nuances of the displacement phenomenon
observed during the genesis of reservoirs as well as the imbibition phenomenon pertinent
to the developmental phase of oilfields. Imbibition models, for their part, are extensively
utilized in the operational sphere of oilfield management. Among the various models, the
Willhite model is frequently utilized in the field due to its ability to effectively address
the issue of zero relative permeability at both residual oil and bound water endpoints [9].
The model’s strengths lie in its responsiveness to the relative permeability characteris-
tics of oil and water phases, which are predominantly influenced by the exponents of
oil and water phases. This feature is particularly advantageous for swiftly comparing
permeability variations across different reservoirs or storage layers, offering convenience
in rapid analysis.

According to traditional research, relative permeability is an inherent property of
porous media. It is affected by the physical properties of rocks and fluids. These physical
parameters include pore structure, wettability, interfacial tension, fluid viscosity, stress, and
temperature. Pore structure impacts the capillary pressures and, thus, the saturation levels
at which oil and water will flow [10–12]. The wettability affects how oil and water distribute
within the pore space, determining which fluid is more easily displaced [13–15]. Higher
interfacial tension can increase capillary forces, trapping fluids and altering their flow,
while lower interfacial tension can enhance displacement of one fluid by another [16–19].
Fluid viscosity influences the mobility ratio between oil and water, affecting the sweep
efficiency during recovery [20–22]. Changes in the overburden or pore pressure can alter
pore structure and fluid distribution, impacting relative permeability [23–26]. Temperature
affects fluid viscosity and interfacial tension, thus influencing fluid flow and relative
permeability in the reservoir [27–32].

Additionally, many scholars have studied the impact of reservoir development dy-
namic parameters, including waterflooding pore volume [31–33], displacement pressure
gradient [34,35], and flow velocity [21,36–38]. Unlike the static parameters, there is no
generally accepted understanding of the effects of dynamic parameters on relative perme-
ability, especially displacement pressure gradient and flow velocity. Although the flow
rate dependency of relative permeability has been observed since the earliest core flooding
experiments [38], whether displacement pressure gradient and flow rate impact relative
permeability has been controversial. Ehrlich et al. [39] concluded that relative permeability
at a given saturation is everywhere independent of flow rate. Botset [40] showed that the
dependency of relative permeability on flow rate is related to the end effect of the core.
However, with the application of CT scanning technology, the development of network
models, and the improvement of experimental accuracy, most of the research results in
recent years have pointed out the impact of displacement pressure gradient and flow
rate on relative permeability. Krause et al. [36] demonstrated the flow rate dependency
of relative permeability through numerical simulations of steady-state core flooding ex-
periments conducted at several injection rates. Liu et al. [34] carried out the oil–water
relative permeability experiments with three different displacement pressures on the same
extra-low-permeability core using the unsteady experimental method. The result shows
that as the displacement pressure enlarges, the relative permeabilities of oil and water both
increase; the residual oil saturation decreases and the range of the two-phase flow zone is
improved. Keshavarz et al. [35] conducted an experimental investigation of the effect of
pressure gradient on gas–oil relative permeability in Iranian carbonate rocks. Results show
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that relative permeability curves are affected by pressure gradient and this effect is much
more prominent at low pressures due to end-effect phenomena. The dependence of relative
permeability curves on pressure gradient is correlated as a function of dimensionless capil-
lary number. Nguyen et al. [41] established a dynamic network model to study the effect
of displacement rate on imbibition relative permeability and residual saturation. It was
concluded that increasing the rate results in more favorable relative permeability curves
and lower residual saturations. Rabinovich [42] found that the relative permeability curves
may change at lower rates through core flooding experiments, as capillary heterogeneity
effects become significant.

From the above research results, it can be seen that the physical simulation of the
impact of the displacement pressure gradient or the flow velocity on relative permeability
is relatively mature. However, the dynamic change of relative permeability significantly
influences the reservoir development law. It is necessary to apply the change of the relative
permeability curve to the prediction of development performance. In the traditional numer-
ical simulation, the relative permeability curve is fixed throughout the entire development
mileage. Therefore, the relative permeability curves of cores from Bohai Oilfield under
different displacement pressure gradients were taken as the basis for research. A correc-
tion method was established with parameter regression of the Willhite model, a mature
mathematical model of relative permeability. The correction model was then introduced
into the numerical simulation by modifying codes of the open-source reservoir numerical
simulation tool MRST (MATLAB Reservoir Simulation Toolbox 2022b). A research process
from core analysis to field simulation is performed.

2. Experimental Analysis

The unsteady displacement state method is used to measure the oil–water relative
permeability under different displacement pressure gradients. The experimental apparatus
is shown in Figure 1, which includes the fluid injection part, core model, confining pressure
control part, temperature control part, pressure detection part, and outlet metering part.
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Figure 1. Schematic diagram of the experimental apparatus of the relative permeability measurement.
1—Core gripper; 2—Water container; 3—Piston container; 4—Constant pressure pump; 5—Pressure
sensor; 6—Beaker; 7—Back pressure valve; 8—Oil–water measuring container; 9—Electronic balance.

The study adopts reservoir parameters and sealed core samples extracted from the
producing zone in a stratigraphic well at the Bohai Oilfield, China. The type of rock is
sandstone. The core size is cylindrical with a diameter of 2.5 cm and a length of 5.5 cm. The
physical parameters and experiment conditions of each core are shown in Table 1. It can be
seen that the physical parameters are similar. The experimental temperature is 60 ◦C. The
injected water is a potassium chloride solution with a salinity of 4862 mg/L. The viscosity
of the oil is 55.00 mPa·s. The displacement pressure gradient is controlled by fixing the
pressure difference at the inlet end and outlet end of the core, which, of each group of cores,
is set as 0.030 MPa/m, 0.100 MPa/m, 0.300 MPa/m, and 1.500 MPa/m.
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Table 1. Physical parameters of the sandstone cores and experiment conditions.

No. Sampling Depth
(m)

Porosity
(%)

Permeability
(mD)

Displacement Pressure Gradient
(MPa/m)

1 1630.50 36.5 1255.4 0.030
2 1630.51 37.0 1319.3 0.100
3 1630.53 36.6 1293.4 0.300
4 1630.54 36.8 1313.1 0.700
5 1630.55 36.6 1344.8 1.500

The experimental process is carried out under constant pressure difference according
to the Chinese national standard [43]. Specific steps are as follows:

(1) The cores are vacuumed and saturated with formation water after being washed
and dried.

(2) The cores are put into the gripper for oil flooding. Establish initial irreducible water
saturation by flooding until no water flows out. The effective permeability of the oil
phase under irreducible water saturation is measured.

(3) The oil is displaced by formation water under the selected displacement pressure
difference. The water breakthrough time, cumulative oil production, cumulative
liquid production, and pressure at both ends of the core holder are recorded accurately.

(4) Use the JBN method to process data and output the relative permeability curves.

The relative permeability curves of each group of cores obtained from the experiment
are shown in Figure 2, and the saturation and relative permeability values at the endpoint
of each curve are shown in Table 2. It can be seen that due to the close location and similar
physical properties of the core samples, the difference in irreducible water saturation of
each phase permeability curve is very small, which can be ignored.
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Figure 2. Experiment results of oil–water relative permeability under different displacement pressure
gradients.
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Table 2. Endpoint parameters of each oil–water permeability curve.

No.

Displacement
Pressure
Gradient
(MPa/m)

Irreducible
Water

Saturation

Residual Oil
Saturation

Maximum
Water

Relative
Permeability

Oil Displacement
Efficiency

1 0.030 0.3021 0.2908 0.0859 0.5833
2 0.100 0.2937 0.2735 0.1194 0.6128
3 0.300 0.2969 0.2498 0.1523 0.6447
4 0.700 0.3035 0.2321 0.1937 0.6668
5 1.500 0.2956 0.2259 0.2388 0.6793

Under different displacement pressure gradients, the displacement efficiency and
curve shape show obvious differences. The two-phase span increases with the displacement
pressure gradient, representing an improvement in oil displacement efficiency. Quantita-
tively, the change of the oil–water relative permeability curve is reflected in three parts:
the change of residual oil saturation, maximum water relative permeability, and curve
camber. With the increase in the displacement pressure gradient, the residual oil saturation
decreases, the maximum water relative permeability increases, the camber of the water
phase curve increases, and the camber of the oil phase curve decreases. Therefore, this
paper corrects the relative permeability curve by characterizing the variation of these
three parameters.

3. Correction Method

It is vital to select an appropriate mathematical model to describe the effects of dis-
placement pressure gradient on the relative permeability curve. Scholars have put forward
many mathematical models based on regression analysis of experimental data. The Willhite
model is relatively mature in application among those models. Its biggest advantage is that
the endpoint values can be accurately represented. The equations of the Willhite model are

Krw = Krw(Sor)Sm
wd, (1)

Kro = Kro(Swc)(1 − Swd)
n, (2)

Swd =
Sw − Swc

1 − Sor − Swc
, (3)

where Krw is the water relative permeability, fraction; Krw(Sor) is the water relative per-
meability under residual oil saturation (i.e., the maximum water relative permeability),
fraction; Kro is the oil relative permeability, fraction; Kro(Swc) is the oil relative permeability
under irreducible water saturation, fraction; Swd is normalized water saturation, fraction;
Sw is water saturation, fraction; Swc is irreducible water saturation, fraction; Sor is residual
oil saturation, fraction; and m and n are the coefficients of water and oil phase curves
concerning camber, respectively.

In the Willhite model, the residual oil saturation and the maximum water relative
permeability are the parameters of the model. The curve camber is characterized by a power
law and defined by the coefficients m and n. In this paper, the correction model of the
relative permeability curve is established by quantifying the variation of the Willhite model
coefficients m and n, residual oil saturation, and maximum water relative permeability
with the displacement pressure gradient.
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3.1. Willhite Model Coefficients m and n

The change of coefficients m and n can be extracted through normalization. Before
analyzing the relative permeability curve with the Willhite model, the experimental data
shall be normalized according to Equation (3) and the following equations:

K′
rw =

Krw

Krw(Sor)
, (4)

K′
ro =

Kro

Kro(Swc)
, (5)

where K′
rw is the normalized water relative permeability, fraction and K′

ro is the normalized
oil relative permeability, fraction.

The normalized oil–water relative permeability curves are shown in Figure 3. Com-
pared with the original curves, it is more easily observed that with the increase in the
displacement pressure gradient, the camber of the oil-phase curve decreases and the cam-
ber of the water-phase curve increases.
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By combining Equations (1), (2), (4) and (5), the relationship between normalized
relative permeability and normalized water saturation can be obtained:

K′
rw = Sm

wd, (6)

K′
ro = (1 − Swd)

n. (7)

Based on the above equations, the normalized oil–water relative permeability curves
under different displacement pressure gradients are fitted. As shown in Figure 4, high
fitting accuracy has been achieved, which means the Willhite model can accurately reflect
the change rule of the relative permeability curve with the displacement pressure gradient.
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Figure 4. Fitting results of relative permeability curves under different displacement pressure
gradients. (a) 0.030 MPa/m; (b) 0.100 MPa/m; (c) 0.300 MPa/m; (d) 0.700 MPa/m; (e) 1.500 MPa/m.
Orange dots represent water phase; blue squares represent the oil phase.

According to the fitting results shown in Figure 3, the coefficients m and n under
different displacement pressure gradients are obtained, as shown in Table 3. With the
increase in the displacement pressure gradient, m increases and n decreases gradually.
Figure 5 shows the regression relationship between the coefficients m and n and the
displacement pressure gradient. The corresponding expression is

m = 3.2996D0.1183, (8)

n = 1.4036D−0.0926, (9)

where D is the displacement pressure gradient, MPa/m.
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Table 3. Values of coefficients m and n under different displacement pressure gradients.

No.
Displacement

Pressure Gradient
(MPa/m)

m n

1 0.030 2.1315 1.9582
2 0.100 2.6060 1.7469
3 0.300 2.8750 1.5318
4 0.700 3.0861 1.4346
5 1.500 3.4824 1.3812

Processes 2024, 12, x FOR PEER REVIEW 8 of 16 
 

 

The relationship satisfies the power law, and the correlation coefficient R2 of the re-
gression results is above 0.98. Correction of coefficients m and n can be obtained through 
Equations (8) and (9). 

Table 3. Values of coefficients m and n under different displacement pressure gradients. 

No. 
Displacement Pressure Gradient 

(MPa/m) 
m n 

1 0.030 2.1315 1.9582 
2 0.100 2.6060 1.7469 
3 0.300 2.8750 1.5318 
4 0.700 3.0861 1.4346 
5 1.500 3.4824 1.3812 

 

Figure 5. Coefficients m and n under different displacement pressure gradients. 

3.2. Residual Oil Saturation 
To weaken the influence of the physical property difference of core samples on resid-

ual oil saturation, the change rule of residual oil saturation is characterized indirectly by 
displacement efficiency. As Figure 6 shows, the regression relationship between oil dis-
placement efficiency and displacement pressure gradient meets the logarithmic function. 
The corresponding expression is 

E = 2.5301 ln D + 67.2616,  (10)

where E  is the oil displacement efficiency, fraction. 
According to the definition of oil displacement efficiency, residual oil saturation can 

be expressed as 

S = 1 − S − E (1 − S ),  (11)

Combining Equations (10) and (11), the following equation can be obtained: 

S = 1 − S − (0.0253 ln D + 0.6726)(1 − S ),  (12)

The irreducible water saturations of five sets of relative permeability curves are the 
same. Therefore, an average value is taken as 0.2984. Then, the residual oil saturation under 
different displacement pressure gradients can be calculated from the following equation: 

Figure 5. Coefficients m and n under different displacement pressure gradients.

The relationship satisfies the power law, and the correlation coefficient R2 of the
regression results is above 0.98. Correction of coefficients m and n can be obtained through
Equations (8) and (9).

3.2. Residual Oil Saturation

To weaken the influence of the physical property difference of core samples on resid-
ual oil saturation, the change rule of residual oil saturation is characterized indirectly
by displacement efficiency. As Figure 6 shows, the regression relationship between oil
displacement efficiency and displacement pressure gradient meets the logarithmic function.
The corresponding expression is

ED = 2.5301 ln D + 67.2616, (10)

where ED is the oil displacement efficiency, fraction.
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According to the definition of oil displacement efficiency, residual oil saturation can
be expressed as

Sor = 1 − Swc − ED(1 − Swc), (11)

Combining Equations (10) and (11), the following equation can be obtained:

Sor = 1 − Swc − (0.0253 ln D + 0.6726)(1 − Swc), (12)

The irreducible water saturations of five sets of relative permeability curves are the
same. Therefore, an average value is taken as 0.2984. Then, the residual oil saturation under
different displacement pressure gradients can be calculated from the following equation:

Sor = −0.0178 ln D + 0.2297, (13)

3.3. Maximum Water Relative Permeability

According to the experimental data in Table 2, the regression relationship between
the maximum water relative permeability and the displacement pressure gradient is estab-
lished, as shown in Figure 7. The equation obtained is

Krw(Sor) = 0.2128D0.2583. (14)
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3.4. Correction Steps

Through Equations (8), (9), (13), and (14), the Willhite model coefficients m and
n, residual oil saturation, and maximum water relative permeability can be corrected
for displacement pressure gradient. In a specific application, the displacement pressure
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gradient is determined first, and then, the relative permeability curve is calculated according
to the following steps:

(a) Calculate residual oil saturation Sor using Equation (13);
(b) Calculate the maximum water relative permeability Krw(Sor) using Equation (14);
(c) Calculate the Willhite model coefficients m and n using Equations (8) and (9), respectively;
(d) The oil–water relative permeability curve is calculated using Equations (1)–(3).

4. Application in Numerical Simulation

The current common commercial reservoir numerical simulation software (Intersect
2023, Eclipse 2023, CMG 2022, tNavigator 2022, etc.) does not have the function or module
to characterize the change of the relative permeability curve with displacement pressure
gradient. In this paper, the open-source reservoir numerical simulation tool MRST (MAT-
LAB Reservoir Simulation Toolbox) is used to implement the relative permeability curve
changing with the displacement pressure gradient. This tool provides black oil and com-
ponent simulators and is widely used in the research of oil and gas reservoir seepage
mechanisms and new understandings [44]. In the source code of the black oil simulator,
the oil–water relative permeability curve correction module is embedded according to the
steps in Section 3.4, and the simulation flow chart is shown in Figure 8.
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correction.

To analyze the effect of the displacement pressure gradient on production performance
and remaining oil distribution, a five-point well pattern conceptual model is established as
shown in Figure 9. In the numerical simulation of waterflooding reservoirs, the choice of
grid size usually takes into account the impact of the number of grids on the calculation
speed and whether the changes in saturation and pressure fields between oil and water
wells can be accurately determined. The horizontal grid size is generally between 5 and
50m, and the longitudinal grid size is generally between 1 and 5 m. In this study, the
number of model grids is 41 × 41 × 5. The horizontal dimension of the grids is 10 m
and the vertical dimension is 2 m. The porosity is 36.7%. The horizontal permeability is
2000 mD and the vertical permeability is 130 mD. The formation oil viscosity is 55.0 mPa·s
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and the oil volume coefficient is 1.065. The initial relative permeability curve is set using
the data of 0.100 MPa/m in Figure 2. The production wells are controlled with a constant
liquid rate of 120 m3/d. The injection well is controlled by an injection–production ratio
of 1.0.
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The simulation results with and without the effect of displacement pressure gradi-
ent on relative permeability were compared. In the simulation without the effects of
displacement pressure gradient, only the initial relative permeability curve was adopted.
The difference in the production water cut is shown in Figure 10. When the effect of the
displacement pressure gradient is considered, the oil production period without water
is prolonged from 195 days to 285 days. The water cut in the early stage of reservoir
production is lower with the effect of the displacement pressure gradient, which is reduced
from 55.8% to 51.9% on the 1000th day. This is due to the higher pressure gradient in the
near-wellbore area, which increases the displacement efficiency. However, the water cut is
higher in the later stages. This is the result of higher water relative permeability and rapid
water breakthrough in areas with high displacement degrees. The water cut is increased
from 94.7% to 95.9% on the 6000th day with the effect of the displacement pressure gradient.
In this conceptual model, the factor that the displacement pressure gradient improves the
displacement efficiency plays a major role. This results in a higher recovery degree when
the effect of displacement pressure gradients is considered, which is increased from 41.0%
to 42.6% on the 6000th day as shown in Figure 11.
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The comparison of the remaining oil saturation in the third layer grid when the water
cut is 20%, 60%, and 90% is shown in Figures 12–14. When considering the effect of
displacement pressure gradient, due to the large pressure gradient in the near-wellbore
area and the injection–production main line, the oil displacement efficiency increases after
phase permeability correction and the remaining oil saturation is lower. However, the
displacement pressure gradient in the area between production wells is small, and the
remaining oil saturation is higher. The remaining oil saturation profile between injection
and production wells is compared in Figures 15–17. Due to the density stratification
between the water and oil, more oil is enriched at the top of the reservoir and more water at
the bottom. When considering the effect of displacement pressure gradient, the remaining
oil saturation near the injection well in all layers decreases. Differently, the saturation at the
bottom near production wells is reduced, while the remaining oil is more abundant in the
upper part.
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Figure 16. Comparison of remaining oil saturation profiles between injection and production wells
when the water cut is 60%. (a) Without the effect of displacement pressure gradient; (b) with the
effect of displacement pressure gradient.
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Figure 17. Comparison of remaining oil saturation profiles between injection and production wells
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5. Conclusions

In this paper, the effect of the displacement pressure gradient on relative permeability
is studied through experiment, correction model, and numerical simulation. The following
main conclusions were drawn:

(1) The displacement pressure gradient can have an obvious impact on the relative
permeability curve. For the cores from Bohai Oilfield tested in this paper, as the
displacement pressure gradient increases, the two-phase span of the relative perme-
ability curve increases, the oil displacement efficiency increases, and the relative water
permeability increases.

(2) The relative permeability curves under different displacement pressure gradients
can be characterized by the Willhite model. The variation of model parameters has
good regression. The relative permeability curves can be obtained by correcting the
parameters of the Willhite model.

(3) Considering the effect of the displacement pressure gradient on relative permeabil-
ity will have an obvious impact on numerical simulation results. The conventional
method of using a fixed relative permeability curve cannot truly reflect the pro-
duction performance of the reservoir. The distribution of the remaining oil is also
obviously different.

(4) This paper proposes a set of realization methods including obtaining laws from
experiments, utilizing the empirical model to correct, and simulating to characterize
reservoir changes. It can provide a reference for those who research the effect of the
displacement pressure gradient on relative permeability.
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