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Abstract: Foam-assisted steam flooding is a promising technique to alleviate gas channeling and
enhance sweep efficiency in heterogeneous heavy-oil reservoirs. However, long-term foam stabi-
lization remains problematic at high temperatures. Three-phase foam (TPF), containing dispersed
solid particles, has been proposed to improve foam stability under harsh reservoir conditions. We
fabricated a novel TPF system by adding ultrafine fly ash particles, as well as high-temperature
resistant microspheres with an adhesive coating layer. This work aims at assessing the ability of the
generated TPF in controlling steam channeling and enhancing oil recovery. Static and core flood
tests were performed to evaluate foam strength and stability. Our results suggested a stronger
foamability at a lower consolidation agent concentration, while a longer half-life period of foam and
settling time of solid particles at a larger consolidation agent concentration were observed. Bubbles
suspended independently in the liquid phase, with sizes varying from 10 to 100 µm, smaller than
that of the conventional foam, suggesting a significant enhancement of foam dispersity and stability.
The plugging rate was close to 90% when the temperature was as high as 300 ◦C, demonstrating
a well-accepted plugging effect under high temperatures. A larger pore volume injection of TPF
yielded a higher EOR in parallel cores, which substantiated the effectiveness of the three-phase foam
system in sealing high-permeability channels.

Keywords: three-phase foam; microspheres; adhesive coating layer; fly ash; enhanced oil recovery;
profile control

1. Introduction

Steam injection has been acknowledged as one of the most effective approaches for
heavy-oil exploitation [1–3]. Nevertheless, due to the great density disparity, steam tends
to flow in the upper reservoir (the so-called “gravity override”), which aggravates as the
reservoir thickness increases [4,5]. Moreover, steam viscosity is much lower than that of the
reservoir fluids, resulting in severe viscous fingering [6,7]. Steam channeling also emerges
in heterogeneous reservoirs [8]. The abovementioned weaknesses lead to significant steam
loss and low sweep efficiency.

Foam, marked by low density, small filtration loss and strong particle-carrying ability,
preferentially enter high-permeability regions, block large pores or channels, and reduce
the permeability of high-permeable layers [9–11]. Foam has been widely used to assist
steam flooding in heavy-oil exploitation, enabling us to decrease vapor mobility, enlarge
the swept volume and enhance oil recovery [12,13]. However, long-term foam stabilization
remains challenging at high temperatures [14,15], concerning the effectiveness of profile
control treatment by foam when injecting steam into heavy-oil reservoirs.

Solid particles, such as polymers and nanoparticles, have been commonly applied to
enhance foam stability [16,17]. Dispersing solid particles into the conventional foam yields
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the so-called three-phase foam (TPF) system [18]. The resultant high dispersity of bubbles
and anomalous foam structure give rise to excellent foam stability, resulting in increased
flow resistance, improved plugging efficiency and an extended swept volume [16,18].

Polymers are capable of generating a viscoelastic shell on the water-gas interface,
which could mitigate liquid drainage between bubbles and hinder foam collapse, thereby
improving foam stability [19–21]. Nevertheless, polymer-enhanced foam exhibits poor
stability at reservoir conditions when contacting resident brines, crude oils, or minerals in
porous media due to faster collapse of the thin liquid films at the gas-liquid interface [22,23].
Moreover, polymers may lose their viscosity-enhancing properties at a high-temperature
and high-salinity condition [24]. Polymer concentrations can also increase by up to 10 to 15
times of their original value in formation water, causing pore blocking and the consequent
formation damage [25]. Therefore, polymers might not be an appropriate candidate as
the foam stabilizer in hydrocarbon reservoirs due to their short-term effectiveness and
potential damage to a formation.

Hydrophilic nanoparticles can strongly adsorb onto the interface at harsh reser-
voir conditions and behave like surfactant molecules. The generated three-dimensional
network structure allows slowing down thin liquid film drainage and improving foam
stability [26,27]. In contrast, non-adsorbed nanoparticles in the intervening thin film could
separate the dispersed phases [16,28]. It has been well documented that the synergetic effect
of surfactant and certain types of nanoparticles is able to generate stronger foams and en-
hance foam stability against shrinkage and coalescence [29–31]. However, the aggregation
of nanoparticles necessitates special chemical treatment in terms of their surface wettability,
making them less cost-effective. As a result, using solid particles from widely available
and commercially viable raw materials confers a distinguished economic superiority on
particle-stabilized foam for enhanced oil recovery.

Fly ash is a coproduct of coal-fired power plants, serving as a source for the commercial
foam stabilizers [32]. Using the abundantly available fly ash to generate the fly ash three-
phase foam (FATPF) can significantly reduce the expense of the sealing system and lower
the discharge of fly ash that could lead to waste pollution [33]. Lee et al. [34] acquired
stable and dense CO2 foam by adding fly ash nanoparticles (referred to “nanoash”) com-
bined with additives. Eftekhari et al. [35] demonstrated that nanoash could be utilized to
stabilize nitrogen foam in the presence of crude oil at high temperatures and pressures.
Guo et al. [36,37] showed that combining fly ash nanoparticles with a surfactant mixture
of alpha-olefin sulfonate and lauramidopropyl betaine results in excellent foamability and
stability and highly enhanced oil recovery in microfluidics. Singh et al. [38] generated
nanoash-stabilized CO2 foam for CO2 mobility control in sandstone cores and sand packs.
Their results suggested that the nanoash produced by the ball-milling method can greatly
improve foam stability and the resistance factor. Lv et al. [39] found that the adsorption
of fly ash at the CO2-liquid interface may lead to a solid-like bubble film, and the vis-
cosity of FATPF was thrice that of the pure surfactant foam. They further examined the
micro-flow behavior and oil-displacement efficiency of the generated FATPF [40]. Given its
practicability, fly ash is selected as the foam booster in our formula.

In addition to fly-ash particles, we developed a special micro-sized plugging material
(MCL) that comprises a rigid internal core and an adhesive coating layer, which combines
the merits of both organic and inorganic particles, including good injectivity, selective plug-
ging, and high plugging intensity. The internal core is made of ultralight ceramsite, and the
hot-molten adhesive layer coating out of the inner core is composed of cardanol-modified
thermo-setting phenolic resin. When reaching a critical softening temperature, the coating
layer starts to melt, and the particles tend to bond with each other under the interactions of
these adhesive layers. The thickness of the adhesive outer layer is about 1.5 µm. A series
of MCL with a broad range of bonding temperatures can be produced by modifying the
ratio of cardanol and phenolic resin as well as the reaction temperature [41,42]. These MCL
particles have been substantiated to be efficient in plugging high-permeability channels in
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porous media [43]. By adjusting the mixture ratio of MCL and fly ash, we can obtain TPF
of various plugging rates.

In this study, modified starch gel, sodium dodecyl sulfate (SDS), and consolidation
agents incorporating fly ash and MCL are used to generate a novel fly ash three-phase
foam system assisted by high-temperature resistant MCL particles. Static evaluation tests
are carried out to assess the foamability, stability and suspendability of the generated
TPF. Single- and parallel-core floods are performed to test the plugging performance and
oil-displacement efficiency.

2. Experimental Study
2.1. Materials and Preparation
2.1.1. Microsphere

The microsphere is composed of an internal core and a layer of coating materials
(Figure 1). The internal core is made of ultralight ceramsite, with a bulk density between
1.06 g/cm3 and 1.25 g/cm3. A nominal breaking rate of the ceramsite varying from 3.5%
to 18% under 52MPa is recorded by the manufacturer (Beijing Qisintal New Material Co.,
Ltd, Beijing, China). A hot molten layer with a critical softening temperature is made of
cardanol modified thermosetting phenolic resin. When the surface temperature reaches a
threshold, the exposed adhesive coating layer gradually melts and swells, and particles
tend to bond with each other. The average size of MCL used in our experiments is about
100 µm. The critical molten temperature of the adhesive layer is 120 ◦C.
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2.1.2. Three-Phase Foam

The compositions of the prepared three-phase foam contain sodium dodecyl sulfate
(SDS), modified starch gel system, and consolidation agent (including fly ash and MCL,
with a mass ratio of 1:4). The modified starch gel is the grafted copolymer of α-starch
and acrylamide monomer, which has been successfully used to generate high tensile
foam [44–46]. Fly ash with an average size smaller than 15 µm is provided by HX oil field
company, China. The major components of the fly ash are SiO2 and Al2O3, accounting for
over 90 wt.% on the whole.

2.1.3. Quartz Sand

The main component of quartz sands used for core floods is SiO2 (over 99%). Sands are
first sieved to assist the reproducibility of core properties. The sand-washing procedures
are delineated in [47].

2.1.4. Cores and Fluids

Single-phase plugging tests are performed in sand packs of various permeability
ranging from 29 to 10,200 millidarcys (mD), filling with quartz sand of 10–40 mesh. The
permeabilities of sand-filled pipes, consistent with the target reservoir in HX oil field,
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China, can be regulated by changing the mixing ratio of quartz sands with different sizes
and the degree of compaction. The diameter and length of the packed column are 2.5 cm
and 50 cm, respectively. We use wet-packing procedures for quartz-sand compaction [47].
The porosity varies between 0.28 and 0.45. Oil-displacement tests are carried out in parallel
heterogeneous artificial cores of different permeability ratios (defined as the ratio of the
high permeability over the low permeability of the two parallel cores). The properties of
the sand packs and artificial cores are given in Table 1.

Table 1. Parameters of parallel heterogeneous sand packs and artificial cores.

Core No. Apparent Volume
mL

Pore Volume
mL Porosity Permeability

mD
Permeability

Ratio

Saturated Oil
Volume

mL
Saturation

SPS-1 493 217 0.44 2130 - - -
SPS-2 493 212 0.43 2065 - -
SPS-3 493 221 0.45 2218 - - -
SPS-4 493 201 0.41 5830 - - -
SPS-5 493 219 0.45 8939 - - -

SPP-1 493
201 0.41 5520

190
- -

98 0.20 29 - -

SPP-2 493
232 0.47 10,200

340
- -

103 0.21 30 - -

AC-1 600
210 0.35 5000

5 295 0.78168 0.28 1000

AC-2 605
200 0.33 5000

5 300 0.80175 0.29 1000

AC-3 597
197 0.33 5000

10 266 0.77149 0.25 500

AC-4 607
219 0.36 5000

10 292 0.80146 0.24 500

Deionized water (Millipore Corporation, Burlington, MA, USA) is degassed and used
for the preparation of artificial formation water (AFW) with the same ionic compositions
as that in the studied reservoir. The major ionic components of AFW are given in Table 2.
The degassed and dehydrated oil from the targeted reservoir in HX oil field is used for oil
displacement tests. The oil viscosity is 7699 mPa·s at ambient conditions.

Table 2. Ionic compositions of AFW.

Ions Ion Concentration, mg/L

Ca2+ 20.04
Mg2+ 9.24
Na+ 1012.00

HCO3
− 2135.7

Cl− 35.45
SO4

2− 468.77

2.2. Laboratory Setup for Core Floods

A schematic diagram of the laboratory setup is illustrated in Figure 2.
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Figure 2. Experimental setup for core floods: 1—syringe pump, 2—AFW, 3—TPF, 4 and 5—sand packs, 6—six-way
valves, 7–12—control valves, 13 and 14—test tubes, 15 and 16—pressure transducers, 17—data acquisition system, 18—PC
with LabView.

Syringe pump 1 (100DX, Teledyne ISCO, Lincoln, NE, USA) equipped with two 90-mL
stainless steel syringes is used for delivering AFW 2 or TPF 3 to parallel sand packs (or
cores) 4 and 5, which allows us to emulate the co-existence of high- and low-permeability
channels. A six-port valve 6 and six one-way valves 7–12 are used to connect the apparatus,
ensuring continuous fluid injection into the sand pack. Valves 9–12 isolate the two sand
packs (or cores) from other parts of the system, enabling one to eliminate fluid leakage
during system assembly. Effluent fluids are collected at the outlets by test tubes 13 and 14.
The injection pressure is measured by pressure transmitters 15 and 16. The acquired data
are transmitted to the data collection system 17 and 18.

2.3. Methodology
2.3.1. Static Evaluation Tests
Foamability and Foam Stability

Foamability and stability are two essential indicators to assess the foam performance.
Our foam system is fabricated following the Waring Blender method. A volume of 100 mL
of solution containing the α-starch, methylene-bisacrylamide, potassium peroxodisulfate
and sodium sulfite is first placed in a thermal chamber set at 80 ◦C. The solution viscosity
is regularly recorded until it is gelatinized. Then, 100 mL of the prepared 80 ◦C dispersion
containing lauryl sodium sulfate and consolidation agent is well mixed with the gelatinized
starch gel system. The materials used for foam generation and their mass concentrations
are shown in Table 3. It is followed by pouring the obtained mixture into a Warning blender
and stirring for three minutes at 8000 rpm. The generated foam is then transferred into a
1000 mL measuring cylinder, and the initial volume of the foam is immediately recorded to
evaluate the foaming capability. The measuring cylinder is placed into the thermal chamber
to observe foam stability at 80 ◦C. When 50 mL solution is observed, the corresponding
duration is regarded as the half-life period of the foam. The observation lasts for one week.
Five tests are conducted to study the influence of consolidation agent concentrations (0.5%,
5%, 10%, 20% and 30%) on foaming capability and stability.

Suspendability Tests

The addition of MCL particles in the consolidation agent necessitates a good particle-
carrying ability of the foam, so that the MCL can transport deeper in porous media and
block high-permeability channels to achieve profile control. The prepared consolidation
agents of various mass concentrations (0.5%, 5%, 10%, 20% and 30%) are well mixed
with the generated foam. The obtained mixture stands in a measuring cylinder until
approximately 10% of the MCL particles settle at the bottom. The sedimentation period is
recorded to assess the foam’s particle-carrying capability.
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Table 3. List of experiments.

Experiments Materials for foam Generation Temperature
◦C

Pressure
MPa Sand Packs

Static tests
Foamability acrylamide (3%),

α-starch (3%),
methylene-bisacrylamide (0.1%),

potassium peroxodisulfate
(0.02%), sodium sulfite (0.2%),
lauryl sodium sulfate (0.3%),

consolidation agents (0.5%~30%)

80 ambient -
Foam stability 80 ambient -
Suspendability 80 ambient -

Core floods

Thermal stability 80, 150, 300 ambient SPS-1, SPS-2, SPS-3
Permeability effects 80 ambient SPS-4, SPS-5

Permeability ratio effects 80 ambient SPP-1, SPP-2

Oil displacement 80 ambient AC-1, AC-2, AC-3,
AC-4

2.3.2. Single-Phase Plugging Tests
Thermal Stability

Dynamic foam stability under a high temperature signifies the transport and plugging
properties of foam in hydrocarbon reservoirs. Therefore, core floods in the absence of oil
are carried out at three temperatures to assess the dynamic thermal stability. Sand packs
are first vacuumed and saturated with AFW, followed by injection of 0.3 PV starch-gel
three-phase foam system containing 5% consolidation agent at a flow rate of 0.5 mL/min.
The sand packs are then placed in a thermal chamber (80 ◦C, 150 ◦C, and 300 ◦C) for
24 h. In the last stage, the subsequent water is injected at 0.5 mL/min until the pressure
reaches a plateau. The variation of injection pressure is regularly documented. The physical
properties of the sand packs (SPS-1, SPS-2, and SPS-3) are given in rows 2–4, Table 1.

Permeability Influence

Permeability can significantly affect foam’s plugging performance as it directly relates
to the pore size distribution of porous media. Sand packs (SPS-4 and SPS-5) of permeabil-
ities 5830 mD and 8939 mD are used to investigate permeability effect on the plugging
performance of the generated three-phase foam. Following the procedure presented in
2.3.2.1, 0.3 PV starch-gel three-phase foam containing 5% consolidation agent is injected
into the AFW saturated sand packs at a flow rate of 0.5 mL/min. The sand packs are then
placed in a thermal chamber set at 80 ◦C for 24 h. The subsequent water is then injected
with the same flow rate until the pressure is stable. The variation of injection pressure is
regularly recorded.

Influences of Permeability Ratio

Heterogeneity is a critical factor that causes water/gas channeling during fluid injec-
tion. Permeability ratio is considered an indicator of the extent of reservoir heterogeneity.
As a result, parallel heterogeneous sand packs with various permeability ratios (5520/30
and 10,200/30) are applied to study the influence of permeability ratio on foam plugging
performance. Water is first injected into parallel cores at a flow rate of 0.5 mL/min until
the fractional flow in each core becomes stable. It is followed by injecting 0.3 PV starch-gel
three-phase foam. The mass concentration of the consolidation agent maintains the same
as in previous tests, i.e., 5%. When foam injection terminates, the experimental system
stands for 24 h to make the foam gelated. The subsequent water is then injected until the
pressure reaches a steady state. The flow rate remains the same throughout the whole test.
The fractional flow rates (defined as the ratio of the flow rate in each of the parallel cores
over the total flow rate) are recorded.

The profile control efficiency is characterized by the profile improvement rate η,
expressed by [48]

η =

(
1 − Qha/Qla

Qhb/Qlb

)
× 100% (1)
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where Qha and Qla are the flow rates in the high-permeability core and low-permeability
core after foam injection, respectively, mL/min; Qhb and Qlb are the flow rates in the high-
permeability core and low-permeability core before foam injection, respectively, mL/min.

After foam injection, the difference between the flow rates in high-permeability and
low-permeability cores is narrowed down, yielding a higher profile control efficiency.
Apparently, higher η indicates a better profile control efficiency.

2.3.3. Oil Displacement Tests

Parallel heterogeneous artificial cores (AC-1, AC-2, AC-3, and AC-4) of different
permeability ratios (5000/1000 and 5000/500) are used for oil displacement tests. The
dimension of the artificial cores is 30 cm × 4.5 cm × 4.5 cm. Cores are first vacuumed and
saturated with AFW and then saturated with the degassed and dehydrated oil from the
targeted reservoir, aging for 24 h. The primary water is injected at a constant flow rate
of 0.5 mL/min until the water cut reaches 98%. A certain volume (0.2 PV and 0.3 PV) of
three-phase foam is then injected, after which the system stands for 24 h. The subsequent
water is injected until the water cut is as high as 98%. Water cut, oil recovery, and injection
pressure are documented. Oil volumes produced from both of the parallel cores are counted
for oil recovery.

3. Results and Discussion

This section presents the results and discussion on the experimental study described
in Section 2. The experimental results of foamability, foam stability and particle-carrying
capability are shown in Sections 3.1 and 3.2. The microstructure of the generated TPF
is demonstrated in Section 3.3. Section 3.4 analyzes the influences of temperature, core
permeability and permeability ratio on the plugging performance. Section 3.5 demonstrates
oil-displacement efficiency.

3.1. Foamability and Foam Stability

Table 4 demonstrates the foaming volume and half-life period of the three-phase foam
system containing various consolidation agents.

Table 4. Three-phase foam properties.

Consolidation Agent
Concentration, wt%

Foaming Volume,
mL

Half-Life Period,
min Gas-Liquid Ratio

0.5 580 110 19:10
5 520 1020 8:5
10 480 1370 7:5
20 320 Not observed NA
30 250 Not observed NA

Figure 3 shows the images of foam volume when it is just generated under various
consolidation concentrations. It is observed that the foaming volume decreases as the
consolidation agent concentration increases, indicating a weaker foamability at a higher
consolidation agent concentration. This is ascribed to the less liquid proportion at a higher
consolidation agent concentration, given that the base solution maintains the same volume.
However, the half-life period of foam is highly increased with an increasing consolidation
agent concentration, showing stronger stability. Fluid drainage does not show up when
the consolidation agent concentration reaches 20%, and the system becomes solidified.
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3.2. Suspendability

In the three-phase foam system, solid particles are suspended by the gaseous phase
and squeezed by bubbles. When the bubbles supporting particles are deformed, particles
might settle to the bottom. The consolidation agents used in our study cannot distort
the bubbles due to their tiny sizes. As a result, those particles do not move or settle due
to the existence of neighboring bubbles. Table 5 shows the influence of consolidation
agent concentration on particle settling time. Increasing consolidation agent concentration
yields a longer settling time. The three-phase foam system exhibits a splendid particle-
carrying capability at all tested consolidation agent concentrations. It is worth noting that
MCL settling is not observed in the foam containing 20% and 30% consolidation agents.
As seen in Figure 3, the foam system becomes solidified due to the large proportion of
solid particles at the consolidation agent concentrations of 20% and 30%. We conclude
that consolidation agents ranged within 5% to 10% would be optimal for achieving a
balance among foamability, stability, and suspendability. We select 5% as the solid particle
concentration in the rest tests to lower the cost.
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Table 5. Three-phase foam properties.

Consolidation Agent Concentration, wt% Settling Time, min

0.5 1210
5 2180

10 2360
20 Not observed
30 Not observed

3.3. Foam Microstructure

Foam is a thermodynamically unstable system, and its stability is controlled by the
process of liquid film thinning and bubble coalescence. During liquid film thinning, bubbles
push against each other, while the total surface area is changeless. In comparison, bubble
coalescence results in a larger bubble, leading to a decrease in the total surface area. The
coalescence rate of bubbles is determined by the speed of liquid film thinning and rupture.
The smaller is the bubble volume, the stronger is the pressure-resistant ability, and the
harder is the liquid film rupture.

The fluid loss in a foam system arises from the mutual squeezing of bubbles and the
effect of gravity. Bubble squeezing originates from the surface pressure of the so-called
“Plateau border”. As seen in Figure 4a, the conventional foam exhibits an unstable hexago-
nal structure that may lead to fast bubble fluid loss and rupture. However, in comparison,
the bubbles of the three-phase foam exist in the liquid phase independently, showing high
dispersity and a smaller size ranging from 10 to 100 µm if compared to the conventional
foam (Figure 4b). Figure 4b demonstrates typical microstructure of aqueous foam stabi-
lized by solid particles. Analogous figures have been reported in the literature [18,32,40].
The smaller bubble size of the three-phase foam might be attributed to the irreversible
adsorption and aggregation of fly ash particles at the liquid-gas interface of the foam and
plateau borders. The adsorbed particles can reduce the direct contact between the fluids to
mitigate liquid drainage and decrease the rate of film rupture and bubble coarsening [32],
thereby improve foam stability. Moreover, although the presence of fly ash particles cannot
significantly affect the interfacial tension [27,40], the adsorbed solid particles can notably
increase the dilatational interfacial viscoelasticity that characterizes bubbles’ ability to resist
external disturbances. At high viscoelasticity, the liquid film shows a solid-like behavior that
is favorable to restrain the coalescence and rupture of bubbles [40]. Therefore, due to the
protection of adsorbed particles, the tiny bubbles can survive longer than the conventional
foam. The coagulation of MCL is anticipated to help the three-phase foam achieve better
profile control, enhancing the plugging performance. Furthermore, the starch gel, serving as
a suspending agent, increases liquid viscosity due to its reticulated texture and contributes
positively to the mechanical strength of the liquid film surrounding a bubble.
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Figure 4. Images of the conventional foam system and the three-phase foam system: (a) conventional
foam (adopted from [49]); (b) three-phase foam (magnified by 20 times).
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3.4. Plugging Performance
3.4.1. Temperature Influence

Figure 5 shows the injection pressure of TPF under different temperatures. The
injection pressure increases during TPF injection. The higher is the temperature, the weaker
is the foam stability, and thus the lower is the injection pressure. When the subsequent water
is injected, the injection pressure continues to increase until reaching a maximum value.
The maximum value is referred to as the breakthrough pressure, after which the injection
pressure drops dramatically due to foam destabilization. The breakthrough pressures are
6.7 MPa, 5.8 MPa, and 1.2 MPa at 80 ◦C, 150 ◦C, and 300 ◦C, respectively. The permeabilities
after foam injection are 311 mD, 566 mD, and 309 mD, respectively. The corresponding
plugging rates, defined as the ratio of the difference between the permeabilities before and
after foam treatment over the initial permeability [50], are 85%, 73%, and 86%, respectively.
The high values of plugging rates demonstrate a well-accepted plugging performance
under high temperatures.
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Figure 5. Influence of temperature on injection pressure.

3.4.2. Permeability Influence

As depicted in Figure 6, after 0.3 PV foam injection, the injection pressures rise to
2.1 MPa and 1.2 MPa for sand packs of permeability 5830 mD and 8939 mD, respectively.
After the subsequent water injection, the pressure increases continuously. The corre-
sponding breakthrough pressures are 4.5 MPa and 4.1 MPa for the low-permeability and
high-permeability cores, respectively. Core permeabilities decrease to 711 mD and 1155 mD
before the occurrence of water breakthrough, yielding corresponding plugging rates of 88%
and 87%, respectively. The breakthrough pressure descends as permeability increases, result-
ing from the increasing pore size and decreasing capillary pressure. When the breakthrough
occurs, the pressure shows a sharp decline due to a quick formation of water channeling.
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3.4.3. Influence of Permeability Ratio

As shown in Figure 7, the three-phase foam can remarkably plug the high-permeability
channel and achieve satisfactory profile control, while exhibiting indistinctive damage to
the low-permeability zone. The profile control efficiencies are about 0.89 and 0.87 for the
two tests, respectively. The larger the permeability ratio is, the greater the fractional flow
difference is in the parallel heterogeneous sand packs, and the worse the profile control
performance is.
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Figure 7. Influence of permeability ratio on fractional flow rates: (a) permeability ratio 5520/29; (b) permeability ratio
10,200/30.

3.5. Oil-Displacement Efficiency

As depicted in Figures 8 and 9, the oil recovery of parallel cores is improved to a
certain extent after foam injection in all the performed experiments, demonstrating effective
profile control by the three-phase foam.
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Figure 8. The influence of the three-phase foam slug size on oil displacement in parallel cores of permeability ratio 5: (a)
0.2 PV; (b) 0.3 PV.
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Figure 9. The influence of the three-phase foam slug size on oil displacement in parallel cores of permeability ratio 10: (a)
0.2 PV; (b) 0.3 PV.

During the primary water flooding, the injection pressure exhibits a slight decline,
while the water cut surges. The decrease of the injection pressure and the increase of
the water cut arise from the presence of a water breakthrough channel that reduces flow
resistance. The oil recoveries after primary water injection into parallel cores of permeability
ratio 5 are 29% and 20%, respectively. The difference might be ascribed to the variance of
core heterogeneity, which causes different injection periods of the primary water floods.
We cease the primary water flooding when the water cut reaches 98%. In comparison, the
primary water flooding in parallel cores of permeability ratio 10 yields an oil recovery of
22% for both tests. The lower oil recovery originates from the higher permeability ratio
that delivers a larger difference in the fractional flow rate, thereby less oil production in the
low-permeability cores.

The notable increase of injection pressure during foam injection arises from the signifi-
cant foam resistance. As continuously pumped into the parallel cores, the MCL assisted
three-phase foam selectively enters the high-permeability zone, plugs the pore throats
inside the water breakthrough channel, and thus significantly reduces water cut and ex-
pands the swept volume. Due to the growth in flow resistance, the difference between the
fractional flow rates of the high- and low-permeability cores narrows down during the
injection of the subsequent water. Thus, more oil is recovered from the low-permeable
layer. The injection pressure presents a further remarkable growth in the early period of
subsequent water injection, manifesting that the three-phase foam remains effective in pore
plugging. It is worth mentioning that the injection pressure during the subsequent water
flood declines to a level that is a bit higher than the initial injection pressure, which might
be caused by the migration of MCL and its ability in profile control.

The enhanced oil recoveries in parallel cores of permeability ratio 5 are about 25%
and 30% for 0.2 PV and 0.3 PV foam injection, respectively. In comparison, the enhanced
oil recoveries in parallel cores of permeability ratio 10 are about 30% and 36% for 0.2
PV and 0.3 PV foam injection, respectively. As expected, the injection of 0.3 PV foam
results in a higher EOR in parallel cores of various permeability ratios due to its better
performance in pore blocking. This complies with the fact that 0.2 PV foam injection
yields a lower breakthrough pressure than that of 0.3 PV foam injection. Furthermore,
a higher permeability ratio leads to higher EOR, which substantiates the effectiveness
of the three-phase foam system in sealing high-permeability channels. This conclusion
is contradictory to the result presented in Section 3.4.3, where we conclude that a larger
permeability ratio gives rise to worse profile control. The contradiction might originate
from the wide difference in the permeability ratios of those cores used in our experiments.
When the permeability ratio is small, a larger permeability ratio can lead to a more effective
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redistribution of the fractional flow. Nevertheless, when the permeability ratio is overlarge,
the effectiveness of profile control is indistinctive and less fraction of fluid diverts to the
low-permeability channels.

4. Conclusions

We present a novel fly ash three-phase foam system assisted by high-temperature
resistant microspheres coated with an adhesive layer. This novel foam system allows
mitigating gas channeling that occurs during steam injection into heterogeneous heavy-oil
reservoirs. Therefore, it is a promising candidate for enhanced oil recovery via profile
control. Our study allows drawing the following conclusions.

(1) The foaming volume increases as the consolidation agent concentration decreases, sug-
gesting a stronger foamability at a lower consolidation agent concentration. However,
the half-life period of foam is remarkably declined with a descending consolida-
tion agent concentration, showing weaker stability. Fluid drainage does not appear
when the consolidation agent concentration reaches 20%. Additionally, increasing
consolidation agent concentration yields a longer settling time of solid particles.

(2) The presence of MCL in TPF enables an improvement in plugging performance under
high temperature. The plugging rate is close to 90% when the temperature is as
high as 300 ◦C, demonstrating a well-accepted plugging effect. The lower is the
permeability, the higher is the breakthrough pressure.

(3) As the permeability ratio increases, a more effective redistribution of the fractional
flow is anticipated. Nevertheless, if the permeability ratio is overlarge, the effec-
tiveness of profile control is indistinctive and less fraction of fluid diverts to the
low-permeability channels.

(4) A larger pore volume injection of TPF results in a higher EOR in parallel cores,
which substantiates the effectiveness of the three-phase foam system in sealing high-
permeability channels.
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