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Abstract

:

In view of the lack of clear physical significance of the parameters of the traditional nonlinear seepage models and the difficulty of obtaining accurate experimental measurements of the two-phase relative permeability curve, a nonlinear seepage model of a tight reservoir is established on the basis of fractal theory and boundary layer theory. The results show that the proposed model can comprehensively reflect the effects of reservoir matrix physical properties, reservoir fluid physical properties, wettability, and displacement-pressure gradient on the single-phase and two-phase nonlinear seepage characteristics of tight reservoirs. Furthermore, the introduction of the permeability loss factor makes the two-phase relative permeability model more representative of the morphological characteristics of the actual relative permeability curve and avoids the disadvantage that the relative permeability at the end point of the wetting phase has in the traditional model. Finally, by taking the tight core of Changqing Oilfield as an example, a sensitivity analysis of the proposed model is conducted, which proves the practical application of this model. The proposed model provides a convenient theoretical method for the accurate characterization of nonlinear seepage characteristics of tight reservoirs and is of great significance to the numerical simulation, productivity evaluation, and optimization of tight reservoirs.
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1. Introduction


Tight reservoirs have low porosity and permeability and are mostly associated with unconventional reservoirs. Understanding fluid flow behavior in tight porous media is a subject of great interest thanks to its significance to the development of unconventional oil and gas reservoirs [1,2,3]. However, because of the disordered and extremely complicated microstructures in tight porous media [4], transport phenomena in such reservoirs are still not well understood. Tight porous media has low porosity, which is composed mainly of micro- and nanopores, whose pore radius ranges from a few nanometers to several hundred nanometers [5,6,7]. Thanks to the microscale effect, the interaction between pore surface and fluid molecules has significant effects on liquid transport in tight porous media [8,9,10]. As a result, oil transport behavior in tight porous media substantially differs from that in conventional pore scale [1].



Within the conventional pore dimension, the flow capacity of liquid can be accurately predicted by the classical Darcy law. However, the applicability of the Darcy law is greatly limited in micro- and nanopores, and this can be attributed to the dominant interaction between liquid molecules and pore surfaces [11]. With the pore area divided into an interfacial region and a bulk region, surface–liquid interaction results in a heterogeneous distribution of liquid physical properties, such as viscosity and density, that can affect liquid transport capacity [12,13,14,15]. Moreover, the heterogeneous distribution of liquid physical properties in micro- and nanopores result in a deviation from the classical Darcy’s law and show nonlinear seepage characteristics.



Much research has been conducted on the nonlinear seepage characteristics, and some models have been developed, which are mainly piecewise models [16,17], multiparameter models [18,19,20] and fractal models [21,22]. The piecewise model is the most common nonlinear seepage model, which divides the flow stage into three parts. The nonlinear flow stage can be approximately described as a straight line, and it is extensively applied in well testing and numerical simulation but is inapplicable when the pressure gradient is small [17]. Moreover, the simplicity of the piecewise model reduces the difficulty in executing the model calculation, but it is difficult to distinguish the flow stages of the model, and this will decrease the continuity between the stages if the model were applied to a reservoir with strong nonlinear seepage characteristics. This will also decrease the accuracy of the representation of the nonlinear seepage process. Some researchers introduced different coefficients obtained from the fitting of experimental results to describe the nonlinear seepage flow stage [16,23]. Deng and Liu proposed an implicit seepage velocity expression of pressure gradient for multiparameter models [18]. However, some of the parameters of these models did not have clear physical meanings. Shi [19], Jiang [24], and Xu [25] proposed three two-parameter models given the boundary layer effects. The partition process between the different flow stages can be avoided in the multiparameter model; however, the derivation process of the model is based on an equivalent diameter capillary bundle model, which ignores the complicated nature of the pore structure in tight reservoirs. Meanwhile, owing to the advantages of fractal scaling theory on describing the complexity of pore structures in tight porous media, the pore radius distribution and tortuosity of the flow path can be determined by introducing a pore fractal dimension and a tortuosity fractal dimension. Some fractal nonlinear seepage models for tight oil have been developed [21,22].



The aforementioned models are aimed at the nonlinear seepage characteristics of the single-phase fluid. The seepage variation caused by the process of nonlinear seepage and wettability is often neglected because the nonlinear seepage characteristics of each phase fluid are usually considered separately in the traditional two-phase numerical simulation. As a result, it is necessary to devise a method for determining the relative permeability curve of oil–water two-phase flow while taking nonlinear seepage characteristics into account. The methods of determining the relative permeability curve usually include the experimental method [26,27,28], the numerical simulation method [29,30,31,32], and the analytical model method [33,34,35,36,37,38,39]. Among these, the experimental method is difficult to measure because of the high seepage resistance of the fluid in a tight reservoir. The time cost of the numerical simulation method is high because of the complicated computational process. However, the analytical model method is easy to use because it is relatively convenient to solve.



In this work, a model for single-phase seepage in a tight reservoir based on fractal theory and boundary layer theory was proposed. On this basis, a two-phase seepage model was built to characterize the relative permeability curve given the nonlinear seepage flow and the effect of wettability. The accuracy and generalizability of this model have been confirmed via model validation and sensitivity analysis. The model is easy to apply because it directly uses the capillary force curve. Furthermore, an in-depth understanding of the nonlinear seepage characteristics of tight oil reservoirs has laid a theoretical foundation for the efficient development and utilization of tight oil reservoirs.




2. Single-Phase Nonlinear Seepage Model in a Tight Reservoir


2.1. Model Assumption


Given that the pore radius distribution can be described by fractal theory [21], the fluid still obeys the Newtonian fluid characteristics when it flows in a tight matrix [36], the boundary layer thicknesses are related to the fluid type, and the temperature changes in the reservoir can be ignored in most cases, the assumptions of the model are as follows: (1) Tight oil reservoir cores are composed of a few unequal-diameter capillaries conforming to the fractal distribution law. (2) The fluid flow in capillaries conforms to Newtonian fluid flow characteristics. (3) The water phase and the oil phase have different boundary layer thicknesses. Wettability, capillary force, and displacement-pressure gradient all influence the seepage characteristics of the water and oil phases. (4) The fluid flow process is isothermal flow.




2.2. Single-Phase Nonlinear Seepage Model in a Tight Reservoir


Unlike gas seepage, single-phase liquid has strong nonlinear characteristics when flowing in tight cores, and it is often characterized by combining boundary layer theory and capillary bundle theory, as shown in Figure 1. The interaction between the liquid molecule and the pore wall cannot be overlooked, because the extremely small size of the pore would make some of the liquid molecules that come into contact with the pore wall (boundary layer) difficult to flow, ultimately reducing the relative permeability at the macro level.



When the influence of the boundary layer is taken into account, the volumetric flow rate of fluid in a single capillary tube with radius  r  is as follows:


  q =   π    (  r − δ  )   4    8 μ     Δ p    L t     



(1)




where  δ  is the boundary thickness, m;  μ  is the fluid viscosity, mPa·s;   Δ p   is the displacing-pressure difference, MPa; and    L t    is the actual length of the curved capillary, m.



According to the experiment results, the boundary layer thickness can be obtained by using the following equation [40].


  δ = r  a 1  μ  e   a 2  r      (  ∇ p  )     a 3     



(2)




where    a 1  = 0.25763  ,    a 2  = − 0.261  , and    a 3  = − 0.419  , which are all constants with undefined unit, and where   ∇ p   is the pressure gradient, MPa/m.



To describe the theoretical total flow rate of fluid in the matrix, fractal theory is adopted in this work. Fractal theory, also known as the geometry of describing nature, captures the essence of a series of complex systems or natural phenomena and provides a very simple description. It has played an important role in promoting research of many complex scientific fields, such as fluid dynamics and turbulence research, neurophysiology, urban planning, fracture mechanics, earthquake prediction, and crystal growth laws, among others. A porous medium is also a kind of fractal material, in which the distribution of pore scale conforms to the fractal distribution law. In addition, the cumulative pore-size distribution can be characterized by the maximum pore radius, the minimum pore radius, and the fractal dimension. In a fractal porous medium, the total flow rate of fluid in the matrix characteristic unit is as follows [21]:


  Q =   Δ p    2  4 −  D T    μ  L 0   D T         ∫   r  min      r  max        π  r 4     (  1 −  δ r   )   4     r  1 −  D T      d N  ( r )      



(3)




where    D T    is the tortuosity fractal dimension, undefined unit;    L 0    is the characteristic length of the pore media, m;   N  ( r )    is the total number of capillaries;    r  max     is the maximum pore radius, m; and    r  min     is the minimum pore radius, m. The characteristic length of porous media can be calculated by using the following formula [36]:


   L 0  =     π  D f   r  max  2    2 −  D f       



(4)




where    D f    is the fractal dimension of porous media, undefined unit.



According to Darcy’s law, the effective permeability under a specific pressure gradient can be expressed as follows:


   K  e f f   =  1   2  4 −  D T     L 0   D T  − 1        ∫   r  min      r  max        π  r  3 +  D T       (  1 −  δ r   )   4   A  d N  ( r )      



(5)




where  A  is the cross-sectional area of porous media, m2.



During the fluid flow process, the fluid flow in some micropores encounters some difficulty owing to solid wall action. Thus, the pressure at the end of the mercury injection is not able to overcome the capillary force in the very small pore throats, and the ability of the nonwetting-phase fluid to enter the small pore is hampered. Therefore, the effective permeability of single-phase fluid flow can be expressed as follows:


   K  e f f   =  1   2  4 −  D T     L 0   D T  − 1        ∫   r c     r  max        π  r  3 +  D T       (  1 −  δ r   )   4   A  d N  ( r )      



(6)




where    r c    is the minimum throat radius that fluid can enter, m.


   K  e f f   =  1   2  4 −  D T     L 0   D T  − 1       ∑   r c     r  max       S i  φ  r i  1 +  D T       (  1 −    δ i     r i     )   4     



(7)




where    S i    is the ratio of pores with radius    r i    to core pore volume, undefined unit, and  φ  is the porosity, undefined unit.



In the actual core pore radius measurement process, pore-throat parameters are often calculated by using the results of the mercury injection experiment. In order to avoid errors during data conversion, mercury injection data are directly used. Meanwhile, the relationship between saturation, porosity, cross-sectional area, and capillary pressure is as follows:


    S i  =   π  r i 2  d  N i      ∑   r  min      r  max      π  r i 2  d  N i        ;   φ =     ∑   r  min      r  max      π  r i 2  d  N i     A    ;   π  r i 2  d  N i  = A φ  S i    ;    r i  =   2 σ cos θ    p  c , i       



(8)




where  σ  is the interfacial tension, mN/m;  θ  is the contact angle, °; and    p  c , i     is the capillary pressure, MPa. Substituting Equation (8) into Equation (7) gives


   K  e f f   =   φ    (  σ cos θ  )    1 +  D T       2  3 − 2  D T     L 0   D T  − 1       ∑   r c     r  max         S i     p  c , i   1 +  D T         (  1 −    δ i     r i     )   4     



(9)







The mercury injection process can be divided into M stages; while the mercury is injected from capillary n to m, the pressure increases from    p  c , n     to    p  c , m     and the mercury saturation increases from    S n    to    S m   . The increment of effective permeability during the process is as follows:


   K  e f f   =   φ    (  σ cos θ  )    1 +  D T       2  3 − 2  D T     L 0   D T  − 1       ∑  i = n  m      S i     p  c , i   1 +  D T         (  1 −    δ i     r i     )   4     



(10)







Transforming the accumulation part in Equation (10) gives


    ∑  i = n  m      S i     p  c , i   1 +  D T         (  1 −    δ i     r i     )   4    =   Δ  S n     p  c , n   1 +  D T         (  1 −    δ n     r n     )   4  +   Δ  S  n + 1      p  c , n + 1   1 +  D T         (  1 −    δ  n + 1      r  n + 1      )   4  + ⋯ +   Δ  S  m − 1      p  c , m − 1   1 +  D T         (  1 −    δ  m − 1      r  m − 1      )   4  +   Δ  S m     p  c , m   1 +  D T         (  1 −    δ m     r m     )   4   



(11)







During the mercury injection process, the injection pressure is gradually increased, which means    p  c , n   <  p  c , m    :


    Δ  S  n j      p  c , m   1 +  D T         (  1 −    δ  j i      r  j i      )   4  ≤   ∑  i = n  m      S  j i      p  c , i   1 +  D T         (  1 −    δ  j i      r  j i      )   4    ≤   Δ  S  n j      p  c , n   1 +  D T         (  1 −    δ  j i      r  j i      )   4   



(12)







During the mercury saturation process,   Δ  S  n j   = Δ  S n  + Δ  S  n + 1   + ⋯ + Δ  S  m − 1   + Δ  S m   , so Equation (11) can be simplified as follows:


    ∑  i = n  m      S i     p  c , i   1 +  D T         (  1 −    δ i     r i     )   4    ≈   Δ  S  n j      p  c , a v e   1 +  D T         (  1 −    δ i     r i     )   4   



(13)







Given that the values range of  n  to  m  is just part of the whole design domain, substituting Equation (13) into Equation (10) gives


   K  e f f   =   φ    (  σ cos θ  )    1 +  D T       2  3 − 2  D T     L 0   D T  − 1       ∑  i = 1  M     Δ  S  n i      p  c , a v e   1 +  D T         (  1 −    δ i     r i     )   4     



(14)







If the mercury injection process is subdivided into infinitely many segments,   M → ∞  ,   Δ  S  n j   → 0  ,    p  c , a v e   →  p  c . m   =  p  c . n    . The permeability obtained at this time is not the approximate permeability from Equation (14) but rather the accurate single-phase effective permeability that is based on the fractal capillary bundle model:


   K  e f f   =   lim   Δ  S  n j   → 0     φ    (  σ cos θ  )    1 +  D T       2  3 − 2  D T     L 0   D T  − 1       ∑  i = 1  M     Δ  S  n j      p  c , a v e   1 +  D T         (  1 −    δ i     r i     )   4    =   φ    (  σ cos θ  )    1 +  D T       2  3 − 2  D T     L 0   D T  − 1        ∫ 0   S  H g max           (  1 −    δ i     r i     )   4     p  c , H g   1 +  D T         d  S  H g    



(15)




where    S  H g max     is the maximum mercury injection saturation, undefined unit;    S  H g max   = 1 −  S s   ; and    S s    is the immobile fluid saturation, undefined unit.



According to the capillary pressure curve and the characteristics of the boundary layer, the effective permeability of porous media given the influence of the boundary layer can be calculated by using Equation (15). Afterward, the equation of motion for porous media given the nonlinear seepage characteristics is as follows:


  v =   φ    (  σ cos θ  )    1 +  D T       2  3 − 2  D T    μ  L 0   D T  − 1     ∇ p    ∫ 0   S  H g max           (  1 −    δ i     r i     )   4     p  c , H g   1 +  D T         d  S  H g    



(16)








2.3. Two-Phase Oil–Water Relative Permeability Model


The porous media effective permeability model that has been established in this paper on the basis of fractal theory and capillary bundle theory has transformed the pore radius of the traditional fractal permeability model to the saturation of the capillary pressure curve. That could be calculated directly by the saturation to avoid the transformation process of the traditional method. The oil and water occurrence states in the two-phase capillary bundle model are depicted in Figure 2. It is assumed that both oil-wet and water-wet capillaries are contained in the tight core, which is affected by the boundary layer, and that the variation in their ratios is caused by changes in wettability. This will affect the characteristics of the two-phase relative permeability.



During oil–water two-phase flow in tight oil reservoirs, the effective permeability when irreducible water saturation and residual oil saturation are considered can be expressed as follows:


   K  e f f   =   φ    (  σ cos θ  )    1 +  D T       2  3 − 2  D T     L 0   D T  − 1        ∫   S  n w i     1 −  S  w i           (  1 −    δ i     r i     )   4     p  c , H g   1 +  D T         d  S  n w    



(17)




where    S  n w i     is the nonwetting-phase residual saturation, undefined unit, and    S  w i     is the wetting phase residual saturation, undefined unit. Therefore, the two-phase permeability of the seepage process can be expressed as follows:


   K  r n w   =    K  n w      K  e f f     =      ∫   S  n w i      S  n w           (  1 −    δ i     r i     )   4     p  c , H g   1 +  D T         d  S  n w        ∫   S  n w i     1 −  S  w i           (  1 −    δ i     r i     )   4     p  c , H g   1 +  D T         d  S  n w      



(18)






   K  r w   =    K w     K  e f f     =      ∫   S  n w     1 −  S  w i           (  1 −    δ i     r i     )   4     p  c , H g   1 +  D T         d  S  n w        ∫   S  n w i     1 −  S  w i           (  1 −    δ i     r i     )   4     p  c , H g   1 +  D T         d  S  n w      



(19)







It can be seen from Equations (17) to (19) that the wetting phase relative permeability is 1 at the nonwetting-phase saturation in this model, which is inconsistent with the actual oil–water two-phase relative permeability curve. The reason is that when the nonwetting phase initially saturates the porous media, the total seepage process can be considered as single-phase seepage; therefore, the relative permeability of the nonwetting phase at the residual wetting-phase saturation is equal to 1. However, as the wetting-phase saturation increases, the nonwetting phase becomes a discontinuous fluid. Part of the nonwetting-phase fluid cannot be displaced and stays in the core, which hinders the seepage process of the wetting-phase fluid, and the relative permeability of the end point cannot increase to 1, which means there is a loss in permeability. When the permeability loss in during two-phase seepage is considered, the relative permeability of the oil–water two-phase process can be expressed as follows:


   K  r n w   =  λ  r n w        ∫   S  n w i      S  n w           (  1 −    δ i     r i     )   4     p  c , H g   1 +  D T         d  S  n w        ∫   S  n w i     1 −  S  w i           (  1 −    δ i     r i     )   4     p  c , H g   1 +  D T         d  S  n w      



(20)






   K  r w   =  λ  r w        ∫   S  n w     1 −  S  w i           (  1 −    δ i     r i     )   4     p  c , H g   1 +  D T         d  S  n w        ∫   S  n w i     1 −  S  w i           (  1 −    δ i     r i     )   4     p  c , H g   1 +  D T         d  S  n w      



(21)




where    λ  r n w     and    λ  r w     are the permeability loss coefficients of nonwetting and wetting phases, respectively, undefined units. The permeability loss coefficient of the two-phase seepage process can be expressed as follows [41]:


   λ  r n w   =    (     S  n w   −  S  n w i     1 −  S  w i   −  S  n w i      )   2   



(22)






   λ  r w   =    (    1 −  S  n w   −  S  n w i     1 −  S  w i      )   2   



(23)







Therefore, the relative permeability of oil and water is


   K  r n w   =    (     S  n w   −  S  n w i     1 −  S  w i   −  S  n w i      )   2       ∫   S  n w i      S  n w           (  1 −    δ i     r i     )   4     p  c , H g   1 +  D T         d  S  n w        ∫   S  n w i     1 −  S  w i           (  1 −    δ i     r i     )   4     p  c , H g   1 +  D T         d  S  n w      



(24)






   K  r w   =    (    1 −  S  n w   −  S  n w i     1 −  S  w i      )   2       ∫   S  n w     1 −  S  w i           (  1 −    δ i     r i     )   4     p  c , H g   1 +  D T         d  S  n w        ∫   S  n w i     1 −  S  w i           (  1 −    δ i     r i     )   4     p  c , H g   1 +  D T         d  S  n w      



(25)







The immovable fluid in tight oil reservoirs can be approximated as the fluid    S s    in the nonconnected pores and the immobile boundary layer fluid in the pores. According to fractal theory and capillary bundle theory, during single-phase seepage in the tight reservoir, the saturation of the immobile boundary layer fluid    S b    can be expressed as follows:


   S b  =      ∫   r  min      r  max       [   r 2  −    (  r − δ  )   2   ]  d N         ∫   r  min      r  max       r 2  d N       



(26)







Therefore, the saturation of immobile fluid during the single-phase seepage process in the tight reservoir is


   S i  =      ∫   r  min      r  max       [   r 2  −    (  r − δ  )   2   ]  d N         ∫   r  min      r  max       r 2  d N      +  S s  =      ∫   r  min      r  max       [   r 2  −    (  r − δ  )   2   ]  d N         ∫   r  min      r  max       r 2  d N      + 1 −  S  H g max    



(27)







Given the mixed wetting phenomenon in the tight core [42], and according to the wettability classification standard, the residual wetting-phase saturation and nonwetting-phase saturation are


   S  n w i   =    I  max   −  | I |     I  max   +  I  min      (       ∫   r  min      r  max       [   r 2  −    (  r −  δ  n w    )   2   ]  d N         ∫   r  min      r  max       r 2  d N      +  S s   )   



(28)






   S  w i   =    | I |  −  I  min      I  max   +  I  min      (       ∫   r  min      r  max       [   r 2  −    (  r −  δ w   )   2   ]  d N         ∫   r  min      r  max       r 2  d N      +  S s   )   



(29)




where  I  is the wettability index, undefined unit.





3. Model Verification


3.1. Verification of Single-Phase Nonlinear Seepage Model


The results from the proposed model in this paper were compared with the nonlinear seepage experiment by Li Yongshou to verify their feasibility [43]. The experiment data from cores X191 and G95 were chosen for the calculation. The basic parameters are shown in Table 1, which includes the capillary pressure curve, as shown in Figure 3, and the model verification results are shown in Figure 4. It is seen from the results that the model in this paper can accurately characterize the nonlinear seepage characteristics in porous media.




3.2. Verification of Two-Phase Nonlinear Seepage Model


The simulation results of the oil–water two-phase pore network in the Changqing Oilfield tight reservoir, conducted by He et al. [44]., were used to verify the model, which was based on the single-phase nonlinear seepage model. The wettability of the core was obtained by fitting in He’s simulation. The parameters adopted in the two-phase model validation is shown in Table 2. According to Figure 5, the model in this paper has a good correlation with the results from the literature. The calculation of two-phase relative seepage features for nonlinear seepage characteristics can be realized. The defect of the relative permeability value of the wetting-phase end point, which is 1, is avoided by introducing the permeability loss factor. Similar to Section 3.1, there are still some variations between the experimental results and the model results. This can be attributed partly to the effects of experimental error and partly to the difficulty in collecting the pore structure parameters.





4. Results and Discussions


4.1. Sensitivity Analysis of Single-Phase Nonlinear Seepage Model


The influence of pressure gradient on the nonlinear seepage characteristics is shown in Figure 6. The core data are from core X171. It can be seen from Figure 6 that when the pressure gradient increases, the effective permeability increases and gradually tends to become stable. This is because as the pressure gradient increases, the thickness of the boundary layer decreases. This causes the proportion of movable fluid in the micro- and nanopores to increase, and this reduces resistance to fluid flow. Macroscopically, the effective permeability increases with the increase in the pressure gradient. Therefore, increasing the pressure gradient can to a certain extent reduce the nonlinear seepage characteristics of the reservoir. In the case of high fluid viscosity, however, the nonlinear section is longer, and the effect of increasing the pressure gradient on improving the nonlinear seepage characteristics of the reservoir is significantly reduced.



The influence of reservoir fluid viscosity on the effective permeability of porous media is shown in Figure 7. As the fluid viscosity increases, the effective permeability gradually decreases until it reaches 0 under the same pressure gradient, because as fluid viscosity increases, the thickness of the boundary layer and the ratio of immobile fluid in the micro- or nanopore also increase, as can be seen in Equation (2). This results in greater flow resistance and a significant decrease in permeability at the macroscopic scale.



In order to discuss the influence of capillary radius distribution on permeability, it is necessary to select representative capillary pressure curves for the model calculations. From the results of high-pressure mercury injection experiments, Huang Xing divided the tight sandstone samples of the Chang 8 reservoir into three types, with different permeabilities and displacement pressures [45]. The parameters used in the calculation are shown in Table 3, and the variations in capillary pressure and effective permeability are presented in Figure 8. As the capillary pressure increases, the pore radius decreases and the fractal dimension of the tortuosity increases. Furthermore, the pore fractal dimension gradually decreases, and this indicates that the pore-throat tortuosity is greater in rock cores with poor physical properties. According to the calculation, as the physical properties of the pore throats deteriorate, the throats become smaller, the displacement pressure increases, and the influence of the boundary layer becomes more significant, resulting in a significant decrease in effective permeability (Y1 < Y3 < Y5).




4.2. Sensitivity Analysis of Two-Phase Nonlinear Seepage Model


In order to discuss the influence of throat distribution characteristics on oil–water two-phase seepage characteristics, three throat distribution types were constructed on the basis of the capillary pressure curves used in the model verification process (as shown in Figure 9). From throat distribution 1 to throat distribution 3, the pore-throat radius gradually decreases, and the physical properties gradually deteriorate. It is found from Figure 9 that as the throat radius increases, the residual wetting-phase saturation and the nonwetting-phase saturation decrease. This makes the two-phase coinfiltration zone become larger, and the relative permeability at the end of the wetting phase increases (permeability loss decreases). This is because as the radius of the pore throat increases, the ratio of the boundary layer in the throat decreases. Therefore, the saturation of the immovable fluid decreases, while the saturation of the movable fluid increases. This makes the range of the two-phase seepage zone become larger, which eventually decreases the flow resistance. This leads to an increase in the relative permeability of the wetting phase at the residual nonwetting-phase saturation.



Figure 10 shows the effect of pressure gradient on the shape of the relative permeability curve. With increasing pressure gradient, both residual saturations of the nonwetting and wetting phases decrease, the two-phase c-infiltration zone extends, and the wetting-phase saturation increases at the residual nonwetting-phase saturation. Under the same saturation of the wetting phase, the relative permeability of the nonwetting phase decreases and the relative permeability of the wetting phase increases. This is because as the pressure gradient increases, the thickness of the boundary layer and the seepage resistance decrease. With further increases in the pressure gradient, the thickness of the boundary layer gradually tends to become stable, and the relative permeability curves gradually tend to coincide.



Figure 11 shows the effect of wettability on relative permeability. It can be found that as wettability changes from oil-wet to water-wet, the relative permeability curve and isotonic point gradually shift to the right, bound water saturation increases, residual oil saturation decreases, and water phase relative permeability increases at residual oil saturation. This is because as the wettability gradually changes from oil-wet to water-wet, the number of hydrophilic throats increases, the number of channels available for water flow increases, and the bound water saturation increases. At the same time, the number of oil-wet throats gradually decreases, and the residual oil saturation gradually decreases. Thus, the relative permeability curve gradually shifts to the right, and the relative permeability of the water phase at the end point increases.



Figure 12 shows the influence of the viscosity on the relative permeability. An increase in the viscosity of the oil phase leads to a rapid increase in the residual oil saturation, a reduction in the copermeability zone, the relative permeability of the water phase at the residual oil saturation, and the gradual shift of the isotonic point to the right. This is because as the viscosity of the oil phase increases, the thickness of the oil-phase boundary layer increases, resulting in seepage resistance and an increase in the proportion of immovable oil in the pores. The residual oil saturation increases as well, which also gives reasons why the coseepage region for oil–water two-phase flow in tight reservoirs is smaller than that in other conventional reservoirs. Moreover, under a given wettability situation, the ratio of pores for oil-phase and water-phase flow is fixed. The thickness of the water-phase boundary layer would not change with the reduction in the oil-phase seepage capability; therefore, the water phase’s relative permeability would increase at the residual oil saturation.




4.3. Comparative Analysis of the Influencing Parameters of Single-Phase and Two-Phase Seepage Characteristics


According to the sensitivity analysis in Section 4.1 and Section 4.2, different parameters influence the single-phase and two-phase seepage characteristics, which are listed in Table 4. For the single-phase seepage characteristics, the physical parameters affect effective permeability mainly by having effects on the thickness of the boundary layer and the proportion of movable fluid. However, the influence on the two-phase seepage characteristics is mainly due to changes in the relative seepage capacity caused by a change in the ratio of movable fluid in each phase. Therefore, in the actual application process, the full effect of nonlinear seepage characteristics on effective permeability and relative permeability should be considered at the same time.





5. Model Limitation and Prospect


Although the proposed fractal permeability model can reproduce some experimental results and can effectively describe the single-phase and two-phase nonlinear seepage characteristics by using boundary layer theory, this model still suffers from several limitations and deficiencies. These limitations and deficiencies can be considered as prospects for future studies. First of all, although the proposed method can describe the nonlinear seepage characteristics of single-phase and two-phase fluid, incorporating three-phase fluid is still a challenge. Furthermore, temperature also plays a critical role in effective permeability and relative permeability [46], whereby temperature changes alter wettability and change the inhomogeneous distribution of liquid physical properties. However, these effects caused by temperature changes are hardly obtained and quantified. Moreover, the shapes of the pores in this research are assumed as circles. However, in the actual reservoir or tight porous media, which are rich in micro- or nanopores, different cross sections of shapes, such as circle, ellipse, triangle, and so on, exist [47,48]. Moreover, the effects of chemicals such as nanoparticles [49] and surfactants [50] on the transport behavior of multiphase fluid in a tight oil reservoir are yet to be studied. Overcoming the aforementioned limitations is the most direct problem that needs to be solved when one attempts to develop a new analytical model with wide applicability. Although the limitations of the proposed model are detailed in this section, the new model can serve as a basic model. For example, the effects of temperature, the sorption, and the phase transition can be combined to improve the calculation methods of boundary layer thickness and the wettability index, which affect the mechanisms mentioned above. Once the shortcomings mentioned above have been overcome, a more powerful and meaningful model for the transport behavior of fluid in tight porous media can be developed.




6. Conclusions


	
A tight reservoir nonlinear seepage numerical model is established on the basis of boundary theory, the capillary pressure curve, and fractal theory. While allowing for the characterization of single-phase and two-phase nonlinear seepage, a direct introduction of mercury injection curves improves the convenience of model application and avoids a solution process that involves complex parameters.



	
The single-phase and two-phase nonlinear seepage characteristics of tight oil reservoirs are related directly to pore-throat structure, boundary layer parameters, fluid viscosity, reservoir wettability, and displacement-pressure gradient. The pore-throat structural parameters, or physical property parameters, of the reservoir itself are the key factors that determine the seepage capacity of reservoir fluid. Changing the wettability of the reservoir and increasing the displacement-pressure gradient can effectively improve the seepage capacity of the reservoir fluid.



	
The existence of the boundary layer is the main reason for the nonlinear seepage characteristics of tight reservoirs. The influence on the single-phase and two-phase seepage characteristics is mainly from the boundary layer thickness changes under the influence of different environmental conditions and physical property conditions, as well as the change of movable fluid ratio between different fluids.



	
The model in this paper does not consider boundary slip, organic matter adsorption, desorption characteristics, or the possible mixed wetting phenomenon in a single capillary. Therefore, this model is not fully applicable to shale reservoirs. Further studies that can be carried out include single-phase and two-phase nonlinear seepage models for organic matter adsorption and desorption, different pore-throat cross-sectional shapes, and complex pore-connectivity conditions.
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Figure 1. Schematic diagram of a single-phase capillary bundle model. 
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Figure 2. Occurrence state of oil and water in capillary bundle model. 
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Figure 3. Comparison of the proposed model’s results and the pressure-controlled porosimetry data. 
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Figure 4. Comparison of the proposed model’s results and the experimental data. 
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Figure 5. Validation result of two-phase nonlinear seepage model and its capillary pressure. 






Figure 5. Validation result of two-phase nonlinear seepage model and its capillary pressure.



[image: Energies 16 04273 g005]







[image: Energies 16 04273 g006 550] 





Figure 6. Effects of pressure gradient on effective permeability. 
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Figure 7. Effects of viscosity on effective permeability. 
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Figure 8. Fitting of capillary pressure curve and changes in the effective permeability of different type cores. 
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Figure 9. Fitting of capillary pressure curves for different types of pore-throat distribution and their relative permeabilities. 
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Figure 10. Effects of pressure gradient on relative permeabilities. 
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Figure 11. Effects of wettability on the relative permeabilities. 
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Figure 12. Effects of viscosity on relative permeabilities. 
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Table 1. Parameters adopted in the single-phase model validation.
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Core

	
Porosity

Undefined Unit

	
Gas Analysis Permeability

mDc

	
Df

Undefined Unit

	
DT

Undefined Unit

	
SHgmax

Undefined Unit

	
σ

mN/m

	
θ

°






	
X171

	
0.12

	
0.2602

	
1.512

	
1.321

	
0.835

	
483

	
140




	
G95

	
0.143

	
0.99

	
1.550

	
1.291

	
0.824
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Table 2. Parameters adopted in the two-phase model validation.
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	Porosity Undefined Unit
	Gas Analysis Permeability, mDc
	Df

Undefined Unit
	DT

Undefined Unit
	SHgmax

Undefined Unit
	σ

mN/m
	θ

°





	0.115
	0.027
	1.37
	1.68
	0.69
	483
	140
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Table 3. Fitting and calculation results of pressure-controlled porosimetry data.
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Core Number

	
R-Squared

	
DT

Undefined Unit

	
Df

Undefined Unit

	
SHgmax

Undefined Unit

	
σ

mN/m

	
θ

°






	
Y1

	
0.931

	
1.337

	
1.522

	
0.78

	
483

	
140




	
Y3

	
0.975

	
1.184

	
1.557

	
0.81




	
Y5

	
0.942

	
1.151

	
1.587

	
0.79
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Table 4. Comparison of influence of various factors on single-phase and two-phase seepage characteristics.
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	Influence Factors
	For the Single Phase
	For the Two Phase





	Pressure Gradient
	An increase in pressure gradient reduces the thickness of boundary layer and increases effective permeability.
	As the pressure gradient increases, the thickness of the boundary layer decreases, the residual saturation of the wetting phase and nonwetting phase decrease, the relative permeability of the nonwetting phase decreases, and the relative permeability of the wetting phase increases.



	Viscosity
	An increase in viscosity leads to an increase in boundary layer thickness and seepage resistance and to a decrease in effective permeability.
	The higher the viscosity, the higher the boundary layer viscosity of the oil phase, the higher the proportion of immobile oil, the lower the relative permeability, and the higher the relative permeability of the water phase.



	Pore-Throat Type
	The larger the pore-throat radius, the better the sorting property and the smaller the impact of the boundary layer on effective permeability.
	The better the physical properties of the reservoir, the smaller the residual saturation of the wetting phase and nonwetting phase, the wider the two-phase copermeability zone, and the higher the relative permeability at the end point of the wetting phase (the permeability loss decreases).



	Wettability
	-
	As the reservoir becomes more hydrophilic, the number of water-wet pore throats increases, the bound water saturation increases, the residual oil saturation decreases, the isotonic point shifts to the right, and the water-phase relative permeability increases at the end point.
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